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Annex I. Economics of networks 

A. Planning problem

In the following example planning problem, the aim is to minimise the total cost of constructing thermal and reliable transmission capacity and supplying electricity to customers, subject to meeting a range of network constraints. Loop flow effects are not considered, nor are customers represented as active participants (that is, loads do not move to lower cost areas). The example involves a choice between radial interconnection and network reinforcement for a generation source that is remote from the existing grid. 

In Figure I‑1 Node K is an existing centre of generation, joined to V, a load centre, by a corridor of 115kV and 220kV transmission lines. The corridor satisfies the N-1 criterion, but has no excess capacity. Load is growing at V. New generation can be built at both K and H; however, there is no existing transmission between Hand K, nor between H and V. 

Figure I‑1: Example investment planning problem
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Source: Baldick and Kahn.

Transmission capacity expansion along KV will expand the thermal capacity of the corridor by the thermal rating of the new line. Therefore, the reliable cost versus incremental capacity curve for the corridor is represented by the thermal cost data of Figure 2.4 in the main report. New transmission along the HK or HV routes has a reliable capacity versus cost curve as in Figure 2.5.

Increased generation at K could be accommodated by increased capacity along KV. This is a radial expansion. For generation constructed at H, there are two alternatives:

· direct construction along the two unit long HV route (radial expansion); or 

· construction along the one unit long HK route, interconnection at K and construction along the KV corridor (network expansion). 

The eventual cost outcome depends on a range of factors:

· It may be cheaper to satisfy the N-1 criterion along the KV corridor, because of existing capacity in the corridor, making network expansion from H via K cheaper than radial. 

· If there is incremental generation at K, economies of scale in KV expansion can make the network alternative more attractive than radial expansion. 

· Lumpiness may result in so much excess capacity that the network alternative is more expensive than radial investment. 

Formally, the problem of minimising the total cost of generation and transmission over choices of generation expansion at H and K can be described as follows. 

Assuming that:

T(K) 

is the minimum cost versus thermal capacity envelope

R(K)

is the minimum cost versus reliable capacity envelope

K 

is the level of transmission capacity expansion

GH, GK

is increased generation at H and K

The planning problem then becomes:
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Even in this example where all costs are known with certainty, the solution is complicated. Figure I‑2 shows whether optimal construction involves radial or network expansion, versus the amount of increased generation at H and K. Construction should be network in white regions and radial in black regions. Optimal planning was performed for values of GH and GK in multiples of 10MW. 

Figure I‑2: Solution investment planning problem
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Source: Baldick and Kahn.

Nodal pricing

Nodal spot market pricing as developed by Schweppe et al. takes as a starting point economic efficiency where prices equal marginal cost.
 

1. Implications of loop flows 

However, in the case of electricity networks complications arise in determining the source of supply, because of the interactive nature of the network (that is, the existence of loop flows). While it is possible to (mathematically) determine the source of the power supplied to any given node, this attribution will not correspond to the source of the next MW supplied. It is then necessary to consider the network as a whole, including all generators and all customers to define the net benefit of the system.

2. Least cost operation of generation and transmission 

Schweppe formulated the generation dispatch problem to maximise the net benefit of the system as the sum of the benefits to all consumers, determined by integrating the area under their demand curves, minus the total cost of supply.

Schweppe’s framework assumes that there are clearly defined cost and benefit functions at all nodes in the network. In its simplest form, with no transmission losses and disregarding reactive power, the optimal dispatch problem is to: 

· minimise, at each node, the cost of supply via a set of power injections, one for each node (negative injections correspond to demand); while 

· limiting line flows to their limits; and 

· ensuring that in total demand equals supply. 

If no transmission constraints are binding, this problem is solved, if the marginal cost at all supplying nodes equals the marginal benefit at all consuming nodes. The spot price of electricity in the system then equals the cost of an increment in generation. 

Where one or more transmission constraints are binding, line constraint multipliers represent the shadow prices of the transmission lines. These shadow prices represent the marginal benefit to the system of increasing the thermal limits on a line. 

3. Determination of spot prices

It is important to note that the shadow price of a line’s thermal limit is not equal to the difference in spot prices between two nodes connected by that line. The prices at various nodes will differ when there is line congestion. Nodal spot prices reflect the change in net costs to the system of an increment of supply at each particular node or, conversely, the marginal change in benefit from an increment of demand. 

Definition (1): 
The optimal spot price at a node is the derivative of system net benefit with respect to power injection at that node.

When an additional kW is demanded, it may be supplied either by a generator or by a customer who demands less as the price increases, or by any combination of the two. This definition is equivalent to another that is often easier to apply.

Definition (2): 
The optimal spot price at a node is the average of the prices at all other nodes weighted by their relative change in supply when power is injected at that node and optimally re-dispatched.

4. Optimal dispatch

Optimal dispatch maximises system net benefit, i.e. the difference between the total benefit to customers and the total cost of generation. The resulting ‘optimal power flow’ (OPF) is easy to define, but difficult to determine unambiguously in practice. OPFs are very sensitive to the specification of system constraints and to differences in the marginal cost of generation. Thus there are typically a set of power flows that dispatch different generation sets than the OPF, but are nonetheless extremely close to optimal in terms of net system benefit.  

Rentals

In the course of inter-regional trade in electricity, markets with locationally differentiated prices, rentals accumulate from two sources, corresponding to the causes of inter-regional differences in spot prices. Congestion rentals arise when transmission links are constrained, while loss rentals are present at all times. 

5. Congestion rentals

When transmission constraints arise between regions, electricity flows to the excess demand region are limited, and this causes prices between regions to diverge. Electricity is exported from the low pool price region, up to the capacity of the line. Exporting generators in that region will receive the local (lower) pool price for electricity generated. In contrast, customers in the importing region will pay the local (higher) pool price for electricity purchased. Customers in the importing region will therefore pay more for their electricity than what is received by generators in the exporting region. 

When prices dislocate accordingly, a surplus of funds accumulates in the course of the settlements process. The difference between prices in two regions, multiplied by the amount of electricity traded across regions during the period of the transmission constraint represents the congestion rental. 

6. Loss rentals

The second rental arises, because of the specification of the loss functions by which inter-regional losses are estimated. Because this loss function is based on marginal, rather than on average losses, the revenue collected on inter-regional transfers is typically around twice the actual cost of losses. The difference in market prices between two regional reference nodes, multiplied by the amount of electricity traded, is the loss rental.

Overview of network rights
 

7. Firm transmission rights

Firm transmission rights provide transmission owners with the physical right to wheel power from one location to another. However, such rights:

· do not reflect network loop flow realities; 

· constrain the dispatch by the grid operator; 

· are not generally consistent with efficient dispatch of generating plant; and 

· represent an ideal tool for exerting market power, by degrading the capacity of a line to increase line rentals. 

8. Link-based rights (LBRs)

Assigning link-based congestion rentals to transmission owners or network investors can provide a source of funds to (in part) repay the costs of the investment. This is achieved by assigning financial transmission rights to the ownership of transmission lines with the right to collect rentals accrued by that link in the network. This would imply, for example, that the owner of Lij, the rights to a link connecting nodes i and j, would collect the price difference between those two nodes, times the power flow on that line. This quantity would be zij (pi - pj ), where zij is the directed power flow from i to j. 

LBRs can have a negative value, since the existence of at least one link with a flow from a high to low price node is not an unusual outcome in a meshed network. Criticisms of LBRs focus on investment externalities, both positive and negative. The classic example of this is the construction of a line from i to j with low capacity and high admittance, relative to an existing path from i to j, such as in the example illustrated in Figures 4.1 and 4.2 in the main report. Such an ‘addition’ to the network can reduce the total capacity from i to j. Thus rewarding an ‘expansion’ with an LBR based on local physical properties can encourage harmful investment. In addition, link-based rights provide incentives to degrade the capability of the line, in order to increase rentals. 

Transmission contract networks 

The most well-known proposal for decentralised pricing was developed by Hogan in the context of contract networks.
 This approach redistributes congestion rents through a system of long run transmission congestion contracts (TCCs) which operate in parallel with long run generation contracts.

Definition

A transmission capacity right in a contract network is defined as a financial entitlement to the difference in nodal prices (minus losses) between a specific pair of nodes, multiplied by a predetermined fixed quantity. 

Like LBRs, TCCs pay the right holder the price difference between the two nodes specified by that right. However, TCCs differ from LBRs: 

· For TCCs the quantity which is multiplied by this price difference is defined by the right itself, rather than by the actual flow on a specific link. Thus an individual TCC, Rij , will pay the right holder Rij * (pj - pi ), no matter how much power flows between nodes i and j. 

· TCCs contain no reference to the transmission link or the path by which power may move between two points, while LBRs do. 

· With TCCs, the question of directionality becomes an issue. For LBRs, Lij = Lji, with TCCs, Rij = - Rji . 

However, as is the case for link-based transmission rights, TCCs are a form of property that entails both rights and obligations, since a given TCC can have a negative value. 

Objectives

Contract networks were intended to have two main purposes:

· they provide users of the grid with a mechanism to hedge against congestion by purchasing transmission rights; and 

· they provide an avenue for compensating transmission owners for the joint use of their transmission assets and hence as basis for private investment in the grid. 

To illustrate the first point, nodal spot prices vary over both time and location. Therefore market participants may want to hedge any long-term participation in this market. In combination, generation contracts for differences (CFDs) and TCCs can provide a full hedge. Figure I‑3 illustrates this for the case where a generator located at node i sells Q MWh of power for delivery to a customer at node j, at an agreed contractual price PC. The CFD locks in a generation price PC which is independent of time-varying spot market prices, while the TCC locks in the cost of wheeling power from i to j. 

Figure I‑3: Contracts for differences versus transmission constraint contracts

Contract or market
Payment to/from


Generator at node i
Customer at node j

Spot market
P i * Q
- P j * Q

CFD for Q at PContract at Node j
(Pc – P j) * Q
- (Pc – P j) * Q

TCC for Q from node i to node j
(P j – P i) * Q
–

Total
P c * Q
- P c * Q

Source: 
Stoft, Improving Private Incentives for Electric Grid Investment, Resource and Energy Economics 1997. 

Since TCCs are financial contracts that have no influence on specific network flows, there is no immediate limit on the number of TCCs that can be issued. However, limiting the set of TCCs to reflect the underlying physical capabilities of the network (or ‘feasible’ dispatches) ensures that the system of TCCs as a whole remains solvent. 

Role of the independent system operator 

Under the contract network framework developed by Hogan, market power concerns and poor investment incentives would be addressed by placing the control of transmission assets and the administration of TCCs in the hands of the independent system operator (ISO): 

· the ISO would participate in the determination of TCCs to verify that the newly created TCCs would be feasible and consistent with the obligation to preserve any existing set of TCCs on the existing grid;

· the ISO would collect congestion rents from users of the system and distribute these rents to the holders of TCCs or according to some other sharing formula; and

· once the capacity for TCCs had been fully allocated, the ISO would then be a conduit for the distribution of congestion rentals. 

Assigning contracts

Contract networks leave unspecified the initial allocation of the contract network rights among grid owners and users and a ‘rule’ is needed for that allocation. The allocation of TCCs could be implemented in a number of ways, for instance to existing network users to reflect some implicit notion of usage rights, or via an auctioning process. The TCC could be purchased from a private party or from the ISO or be awarded to an investor at the time the supplier upgraded a transmission path from i to j. 

Incentives for private investment 

Beyond ensuring price certainty, TCCs are also intended as a market solution for private investment in the network. Investments would be made by individual, or coalitions of, unregulated businesses who would receive no explicit guarantee of recovery of their capital. These businesses would undertake investments, because the benefits they receive from adding transmission capacity would offset the investment costs. At least in theory, such investments could be made anywhere on a regional network, so that investors could focus on the most cost-efficient option for meeting their network requirements. 

Privately financed lines would form part of the ISO’s grid and, in return, investors would receive corresponding financial rights (TCCs). These rights are intended to guarantee that investors do not lose the benefits arising from an investment in the event of future congestion of the network and provide investors with congestion rents, if they choose not to use the lines. In turn, the ISO only guarantees open access to the pool at a price consistent with the equilibrium market. 

Modifications of the basic approach

There are alternative interpretations of contract network rights. Modifications to the basic concept include the ‘hub and spoke’ approach which is akin to the regional structure of generation price determination in the NEM. Under this approach, locational price differences on a spoke define the cost of moving electricity to and from the local hub, and then between hubs, where a hub is simply a physical node within a zone.

Annex II. Code provisions

A. Determinants of regions

Section 3.5 of the Code sets out the criteria for determining the number of regions in the NEM, as recommended by NEMMCO and approved by NECA. In making its recommendations about the numbers of regions in the NEM, NEMMCO must consult with market participants and reach its decision according to the following principles:

· a region should have a closed boundary and enclose at least one significant load and/or generation centre;

· significant generation and/or load centres separated by network constraints should be located in separate regions, if those network constraints are likely to influence the optimal dispatch of generation and/or scheduled load in the order of 50 hours or more per annum; 

· regional boundaries should be located so that transfer limits between regions can be clearly defined and transfer flows can be easily measured; 

· the application of static and dynamic loss factors within and between a proposed region should not impact significantly on central dispatch of generating plant; 

· the number of regions created should be minimised; and

· each region must have a single regional reference node at:

· a nominated major transmission substation located at or close to the largest load centre within the region; or 

· a nominated major transmission substation located at the largest generation centre within the region.

Regional boundaries and RRNs must be reviewed, if the above principles no longer apply, and NEMMCO may alter boundaries or determine a new region correspondingly. 

Categories of transmission system cost

Schedule 6.2 of Chapter 6 of the Code describes the asset categories which are used for the purpose of deriving transmission charges. 

1. Common service costs

The common service cost category includes all transmission service costs which cannot be allocated to users on a locational basis, i.e. those costs, which provide equivalent benefits to all users within the transmission system  without any differentiation of their location. These costs are applied to users on a postage stamp basis.

There are two types of costs to be included in the common service category:

· the cost of network assets which provide a common service; including communications networks, control systems and control centres, dynamic and static reactive control plant and spare plant and equipment; and

· the cost to the network owner of providing non asset related services to users, including network switching and operations, administration and management of the business, network planning and development and general overheads.

2. Entry and exit assets

Entry and exit asset costs are recovered directly from network users. 

3. Transmission network

All remaining assets are included as transmission network assets. This category includes all elements of the network which provides transmission services on a locational basis and forms the majority of the costs. The allocation of transmission network costs involves determining the flow imposed on each asset by each network user and sharing the costs accordingly. This approach means that the costs of all transmission network assets has to be represented between nodes; that is, all relevant station costs have to be allocated to lines.

Transmission network assets include transmission lines, switchgear, auto-transformers which transform voltage between transmission levels, static and dynamic reactive plant, all system controls required for monitoring and control of the integrated transmission system. 

Generator use of system price 

Schedule 6.3 of the Code describes the method by which NSPs are to determine the maximum prices to be paid by generators for use of system, whether transmission or distribution. 

4. Long run marginal cost (LRMC)

The generator use of system price for use of the network is to be based on the LRMC of network augmentation required to provide transmission or distribution service for new generators at a connection point in a transmission network or in a distribution network. It is expressed in $ per kW per year and is determined by expressing the long run marginal cost as an annual charge using a discount rate over a 30 year period.

5. New generation capacity

New generation capacity is assumed to be connected at each connection point where a generator use of system price is required. For transmission networks, the NSP shall use a new generation capacity which is appropriate to the network location and may be one of the following:

· the capacity of the largest generating unit already connected in the same sub-region as the connection point; 

· one quarter of the total generating capacity already connected in the same sub-region as the connection point; 

· one quarter of the total maximum demand of the sub-region, in which the connection point is located; 

· the forecast annual increase in maximum demand over the regulatory review period of the sub-region in which the connection point is located; or

· the capacity of the actual new generation being installed at the connection point.  

Cost of new network investment

The cost of new network investment is the estimated cost of new investments in the transmission network or distribution network assuming:

· network development, loads and generation correspond to the current system, plus committed development only;

· new generation capacity is connected at the connection point in question; 

· network loads in the same region as the new generation capacity are scaled up in proportion to the increase resulting from the new generation capacity; and 

· network capacity meets the N-1 reliability criterion. 

6. Scaling assumptions

For transmission networks, the LRMC cost is to be expressed as the cost of providing network capacity for new generation at a particular connection point, relative to the long run marginal cost of providing network capacity for new generation at the reference node. This is achieved by subtracting from the long run marginal cost for a particular connection point, the long run marginal cost for the reference node.

B. Cost-reflective network pricing

1. Cost allocation process

Schedule 6.4 of the Code describes the cost allocation process for deriving the CRNP charge. This involves: 

· determining the annual revenue required from individual transmission network assets;

· determining the proportion of each network element used in providing transmission services to each point in the network for specified operating conditions;

· averaging this proportionate use of each element over a set of defined operating conditions to determine the usage shares for each element for the time period of interest;

· allocating the revenue requirement of individual network elements to each user based on the assessed share; and

· determining the total cost allocated to each point by adding the share of the costs of each individual network attributed to each point in the network.

2. Allocation of generation to load

A major assumption in the use of the CRNP method is the definition of the generation source and the point where load is taken. The approach is to use the ‘electrical distance’ to pair generation to load, in which a greater proportion of load at a particular location is supplied by generators which are electrically closer than those which are electrically remote. In electrical engineering terminology the ‘electrical distance’ is the impedance between the two locations, and this can readily be determined through a standard engineering calculation called the ‘fault level calculation’.

3. Operating conditions for cost allocation

The use made of the network by particular loads and generators will vary considerably, depending on conditions on the network. For this reason a number of operating conditions are examined with different load and generation patterns.

These are averaged over the operating scenarios with these scenarios restricted to those times of most stress in the network and for which network investment may be contemplated. 

Annex III. International experience

Abbreviations

Argentina

CAMMESA 
Compañía Administradora del Mercado Mayorista Eléctrico S.A. (system operator and regulator)

CVP
Variable costs of energy production

SADI 
Argentine Interconnected System

SALEX
Surplus account for restrictions of transmission capacity

Chile

SIC

Sistema Interconectado Central, central transmission grid 

CNE

Comisión Nacional de Energia (regulator)

England & Wales 

DGES

Director General of Electricity Supply 

ICRP

Investment cost related pricing

NGC

National Grid Company, England & Wales HV grid operator

PPP

Pool purchase price, paid to generators

PSP

Pool purchase price, paid by retailers

REC 

Regional electricity company

SMP

System marginal price 

TUOS

Transmission use of system

UMIS

Uplift Management Incentive Scheme

TSS

Transmission Services Scheme

NEM 

CRNP 

Cost-reflective network pricing

IPART

Independent Pricing and Regulatory Tribunal

QGC

Queensland Grid Code

TARR

Total annual revenue requirement

VPX 

Victorian Power Exchange

Pennsylvania-New Jersey-Maryland Interconnection (PJM) 

ATC

Available transfer capacity 

FERC 

Federal Energy Regulatory Commission

FTR

Fixed transmission right

ISO

Independent system operator

LMC

Locational marginal price

NIS

Network integration service

OI

Office of the Interconnection

TP

Transmission provider

WEPEX 

CPUC 

California Public Utility Commission

ISO

Independent system operator

IOU

Investor owned utilities 

MCP 

Market clearing price

PX

Power exchange 

SC

Scheduling coordinator

TO

Transmission operator

UDC

Utility distribution companies

WEPEX
Western Power Exchange

A. Argentina

The Argentine Interconnected System (SADI) measures around 8000km of 500kV lines and extends radially from Buenos Aires. As a result of the long radial nature of the network transmission losses are significant, and reliability is an issue. The national transmission concessionaire is Transener which owns and operates this part of the HV network.
 The Argentinean transmission businesses are required to provide third party access to their transmission systems. 

1. Market arrangements

The electricity market in Argentina operates around nodal pricing principles through an hourly pool and locationally differentiated prices. However, we understand that the complexity of this pricing approach is limited by the absence of significant loop flow effects. 

The market is operated by an independent system operator, CAMMESA (Compañía Administradora del Mercado Mayorista Eléctrico S.A.).
 CAMMESA determines dispatch of electricity based on forecast consumption, available generation capacity, transmission capabilities, water levels in key hydro plant and the variable costs of energy production (CVP). As part of this, CAMMESA receives information about generating capacity and costs from thermal and hydro plant, as well as information on availability, transmission constraints, planned maintenance and network conditions from transmission businesses. 

Dispatch is then determined by CAMMESA on the basis of the marginal cost information provided by generators. The estimate of marginal cost includes marginal transmission losses between generator location and the load centre. 

Regulated and unregulated prices

CAMMESA determines electricity market prices. Energy users purchase power at contractual, seasonal or spot prices:

· Seasonal energy price. The seasonal energy price is a fixed price reset every six months according to supply and demand conditions, available capacity and other factors. This is the price paid by the distribution /retail companies for electricity from the pool. It is maintained for at least 90 days; thereafter, the seasonal price may be changed, if there are significant variations. 

· Spot price. The spot price is paid by other generation companies for energy dispatched under CAMMESA’s direction and for electricity required to maintain adequate reserves. 

Energy prices

Spot market energy prices are determined at network nodes, where the nodal factor (akin to the static loss factors applied in Australia) at the system load centre (Buenos Aires) is set to ‘1’. 

Losses

Nodal factors are used to reflect system losses in determining nodal spot prices and vary hourly, depending on system conditions. To calculate nodal factors, CAMMESA models the transmission network using expected load flows in the course of daily predispatch; these nodal factors are used for the following day. 

The hourly spot market price at the load centre is determined as the marginal generator’s bid price, adjusted by the marginal generator’s nodal factor. The remaining nodal factors are then used to translate the system marginal price at the load centre to nodal energy prices. Nodal factors at other injection and off-take nodes are less or greater than 1, respectively, to account for marginal energy losses between the respective location relative to the load centre. Generators’ revenues are scaled down, and customers’ costs up accordingly. 

To determine the seasonal prices to be paid by distributors, CAMMESA computes seasonal nodal factors in the seasonal programming and quarterly reprogramming. 

Congestion 

When a transmission constraint arises, the nodal spot price is determined as the bid price of the most expensive generator dispatched in the constrained area, adjusted by the nodal factor for that generator. 

Capacity payments (adaptation factors)

While nodal factors determine locational energy prices, adaptation factors determine locational capacity prices in the market. These are determined annually for each node, based on simulations of outages and their corresponding costs. The adaptation factor at the load centre is also set to ‘1’.
 

2. Transmission pricing

Figure IV‑1 provides an overview of the transmission charging structure. Market participants pay variable charges – derived from nodal and adaptation factors – and fixed charges for transmission services. In addition, users pay a connection charge and a capacity charge, to account for the difference between network revenues from line rentals and allowed revenues. 

Figure IV‑1: Structure of transmission charges in Argentina
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Variable charges

Energy transmission charge

The nodal energy prices referred to above lead to losses line rentals. These are attributed to the relevant transmission concessionaire. Line rentals arising from network congestion are allocated to the Surplus Account for Restrictions of Transmission Capacity (SALEX). Each corridor in the high voltage transmission system is separately accounted for by SALEX and may be used to finance expansion of transmission capacity in that corridor. 

Line reliability charge

The line reliability charge applies only to the 500kV services provided by Transener, since locational differences in capacity payments appear only in the high voltage network. This corresponds to a ‘capacity rental’, akin to a losses rental; i.e. revenue from these charges equals the total value of the capacity payments made by buyers less the total value of the capacity payments received by generators. 

Fixed charges

Transmission concessionaires receive a connection charge and a complementary charge. Fixed charges are intended to remunerate transmission concessionaires only for operating and maintaining existing facilities. They do not provide for the recovery of sunk costs, since the concessionaires do not bear those costs. 

Connection charge

The connection charge recoups the cost of connection equipment from customers and generators and is determined in concession contracts as a fixed hourly charge rate, determined according to the voltage level of the equipment. Connection charges are allocated to all users at connection points according to that user’s share of total capacity at the connection:

· for distributors and large users, capacity is defined as maximum non-coincident demand during peak hours;

· for generators, maximum capacity is defined as maximum rated output. 

Charges to customers are reduced to reflect hours of unavailability. 

Complementary Charge

The complementary charge compensates the concessionaire for the operations and maintenance of the shared network and includes a balancing item. This charge has two components:

· A network capacity charge reflects the costs of operating and maintaining shared transmission assets, and is specified in terms of fixed hourly charges for capacity elements belonging to the concessionaire. The network capacity charge for a given piece of equipment is allocated among users according to their estimated shares of usage.

· A balancing charge adjusts for the difference between revenues from variable transmission charges, including the line reliability charge, and allowed revenues. 

The fixed use of system charge paid by users is based on their kW usage of different components of the network. A fixed cost is assigned to each major type of network component, such as a $/km rate for 500kV lines or for 230kV lines, respectively. The cost of each facility is allocated to users using load flow methods based on projected plant outputs under pre-specified system conditions. This determines users’ factors of participation, or share of usage, according to the area of influence method. The allocation of fixed costs is undertaken once a year, but may be adjusted during the year. Using a fixed cost per km makes this method distance, as well as usage sensitive. As is the case for connection charges, the hourly charge is reduced by any penalty for unavailability.

3. Transmission investment 

Network investment may take place by any one of four methods: 

· via public auction; 

· via agreement among parties’

· by a method reserved for ‘minor’ expansions; or 

· by a method reserved for international interconnections. 

In this context, CAMMESA’s key regulatory responsibilities relating to transmission include:

· analysing access and system expansion requests; 

· evaluating the beneficiaries’ share of expansion costs; 

· proposing alternatives for the optimisation of the transmission network; and

· optimal planning of grid operations and maintenance. 

Construction and operation and maintenance of new transmission facilities may be carried out either by the relevant transmission concessionaire or by an independent transmission company, but the transmission businesses are not permitted to initiate or sponsor expansions classified as ‘major.’ Transmission investment can be constructed, owned and maintained by independent investors. 

Investment by public auction

Expansion by public auction is used for the largest and most costly system expansions where one or more market participants submit an application to the transmission concessionaire, CAMMESA and the economic regulator (ENRE). 

Applications

Applications must include:

· a draft contract for construction, operation, and maintenance of the new facilities;

· a bid from a transmission business to undertake the contract; and

· an annual charge to recover the costs of the line, including O&M and depreciation.

Regulatory scrutiny

Technical aspects of the application are reviewed by the concessionaire, while CAMMESA verifies that the applicants can be expected to receive at least 30% of the ‘benefits’ of the expansion. Benefits are measured in terms of estimated network usage according to the area of influence method. 

Finally the economic regulator undertakes an independent cost-benefit analysis of the proposal. If the proposed investment meets the cost-benefit test, ENRE holds a public hearing. If parties accounting for 30% or more of users oppose the project, ENRE denies the application. Otherwise the investment will be authorised and granted a Certificate of Convenience and Public Necessity. Following approval, ENRE conducts a public auction for the contract to construct, operate and maintain the new facilities.

Funding of investment 

Once new facilities have been built, CAMMESA determines how the obligation to pay the total annual cost is to be allocated among the beneficiaries. Using the area of influence method, CAMMESA computes payment shares (factors of participation) which are updated on a quarterly basis. During an initial ‘amortisation period’ (usually 15 years) users pay for the capital cost of the assets; after this time, operation and maintenance costs are recovered in the same way as those for existing facilities; that is, via the fixed capacity charge. 

SALEX funds

Sums deposited in the SALEX fund are earmarked for the transmission corridors from which they are collected and are used to reduce the amount that the beneficiaries of a new project must pay during its amortisation period. These funds may represent subsidise up to 70% of the cost of a new line. Funds are available for any project that:

· follows public auction method of expansion; and 

· relieves congestion in the corridor in question. 

SALEX funds are corridor-specific, but if, after seven years, the accumulated amount has not been used to finance expansion in the corridor for which it was collected, it may be used for expansion anywhere in the system.

Investment by agreement among parties

The alternative is for a (group of) transmission users to contract with a transmission concessionaire or an independent transmitter:

· the concessionaire analyses the technical specifications of the proposal; and

· if the proposal conforms to technical requirements, the economic regulator publishes it, holds a hearing and, if it approves the project, issues a Certificate of Convenience and Public Necessity. 

The contracting parties bear the cost of the project during the amortisation period (10 years for the HV system), and it is up to the contracting parties to allocate the cost of the expansion. 

Minor expansions

A minor expansion of the transmission system (costing less than $2 million) can be undertaken directly by a transmission concessionaire. Costs are recovered via two avenues:

· the concessionaire reaches a negotiated agreement with users of the expanded facilities; or 

· the transmission concessionaire may request that ENRE authorise the investment and determine the amount that each network user must pay.

Expansion for interconnection

Network users holding energy import or export contracts may request that a concession be granted to a transmission business for international interconnection, either via the public auction process or through a contractual agreement among parties. 

During the amortisation period, only the project initiators requesting the expansion are required to pay its annual cost, according to shares reflecting contracted firm capacities. These represent financial rights only, and may be transferred to third parties, if excess capacity is available. However, in general it is not possible to reserve transmission rights, nor are such rights implied by past payments for use of the network. 

Outcomes

To date, only one investment has been put in place under the public auction process, following a 3-year process. The process was beset with obstacles:

· the absence of financial transmission rights to ensure that investors would be to benefit from the investment; 

· the area of influence methodology for charging depends on modelled load flows and is consequently unstable; 

· susceptibility to blocking coalitions, including generators benefiting from high revenues during network congestion and customers attributed charges under the area of influence method; 

· the misapplication of the cost-benefit approach which fails to take into account benefits to customers at the load centre;

· the absence of suitable coalitions, where benefits cannot be clearly attributed, particularly in the context of investment improving system reliability; and

· incentives to subsidise projects arising from the existence of the SALEX funds.

Chile 

Chile has two main independent longitudinal electrical systems, of which the larger and more important – Sistema Interconectado Central (SIC) – connects the majority of electricity generation (located in the South of the country) with the main loads in the North and the Centre. Chile relies on hydro-electric power for a significant proportion of capacity. 

The Chilean ESI was reformed in 1982 when a form of open access was introduced. The Chilean reform model combines private sector participation with a role for Government/the regulator. The State will undertake entrepreneurial activities in the ESI only when such activities cannot or will not be carried out by the private sector. At the same time, the Comisión Nacional de Energia (CNE) is responsible for indicative system expansion planning and the coordination of large investment decisions. 

4. Market arrangements 

Short-term energy trades take place via a pool; the key energy pricing mechanism is the short run marginal cost of electricity. A system operator coordinates the operations of the generating companies. The cost of meeting a marginal increase in demand from the system is the system marginal energy cost, forecast by CNE on an hour by hour basis at the ‘centre of gravity’ of the SIC. Marginal power and energy costs are determined in the main substations of the trunk transmission system based on marginal transmission losses. 

Energy and capacity prices

The Chilean market operates on the basis of regulated and unregulated energy and capacity prices (Figure IV‑2):

· System marginal cost. Energy transfers between generators are determined at this price by the system operator. 

· Energy node price. Energy is sold to the distribution/retail businesses and sold to regulated customers at energy node prices. These prices are calculated quarterly as the weighted average of expected long-term marginal costs for meeting electricity demand in the system for the following 48 months.

· Free energy price. These are contractually agreed prices between private parties for energy. 

· Instant capacity price. The system operators uses this price to value capacity transfers. 

· Capacity node price. These prices are also calculated in advance and represent the overall cost of investing for an additional kW at peak system demand, as determined by CNE (the cost of installing a diesel gas turbine). 

· Free capacity price. These are contractually agreed prices for capacity. 

Figure IV‑2: Chilean electricity market
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Source:
Rudnick, ‘Briefing on Argentinean Electricity Law’. 

Sales to regulated customers must be made at energy and capacity node prices at relevant locations on the interconnected system. Generators may be required to purchase or sell energy or capacity in the spot market, depending on contractual obligations. Purchases and sales made in the spot market are transacted at the instant marginal cost of the interconnected system, determined as the marginal cost of the last generation facility. 

System marginal cost of energy

The marginal costs of energy is calculated by assuming that all generation is dispatched for a single bus system. The marginal price of energy is determined hourly at each node according to the following factors:

· the short-run marginal cost of active power; 

· demand;

· the marginal cost of network losses; and 

· network constraints, including, thermal transfer, reactive power and stability limits, as well as security restrictions.

Transmission losses

The regulated energy price paid to generators is adjusted for the marginal costs of transmission for energy and power (Figure IV‑3):

· The CNE uses load flow models to determine loss variations and has derived a set of penalty factors for power and energy prices at 13 substations to reflect the marginal cost of supply. Transmission charges are added to energy and capacity prices when the flow is from Santiago or deducted when the flow is to Santiago, in order to reflect marginal transmission losses. 

· The marginal costs for power are based on the development costs for peak units in one bus plus a penalty factor to reflect marginal losses. 

Figure IV‑3: Example penalty factors for the SIC Region, October 1994
Node
Penalty factors


Power
Energy

Puegueñun
1.1335
1.4942

Diego de Almagro
1.0620
1.3281

Maitencillo
1.0000
1.2498

Pan de Azucar
0.9589
1.2002

Itahue
0.8153
0.9986

Colburn
0.7548
0.9657

Valdiva
0.6722
0.8656

Source:
CNE web site. 

Transmission pricing

The current pricing structure for the use of the transmission system evolved from 1982 to 1990, and further changes are being discussed. Transmission businesses receive income from energy and capacity charges which are derived from spot price differences, corresponding to nodal price differences for energy and power. 

In addition, fixed costs are recovered through tools or ‘wheeling rates’, charged to generators. The Energy Law provides that ‘payments for each line should be allocated among all users, in proportion to the maximum transported power by each user, in respect of the total maximum transmitted power’.
 Generators contributing to positive flows at maximum system peak are charged, those relieving lines, do not pay (but also do not receive credits). 

Rentals

In 1998, annual income from the marginal cost based charges corresponded to US $11.7 million, compared with required network revenues of US $120 million.

Rentals are allocated to assets according to use of network and power flows and according to firm power criteria. Income for the different types of assets range from 1% to 40% of what is required, depending on the economies of scale present in the network, as well as the level of redundancy required for security reasons. Figure IV‑4 illustrates how line incomes derived from the marginal energy and capacity costings compares with the required income determined for transmission assets. 

Transmission supplement

The Electricity Law defines an additional ‘supplementary income’, based on the area of influence of each individual generator, which corresponds to the set of lines and substations ‘directly influenced by the energy and peak power injected by the generator’. Supplementary payments by all users, added to the marginal cost income are used to cover the costs of investment and O&M. 

The allocation of these tolls to generators is controversial and is referred to as the ‘area of influence’ approach. The revenue requirement for this charge is calculated as the difference between the cost of the network and revenues from the marginal energy losses charge.

Figure IV‑4: Line incomes (by voltage of line)
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Source:
Rudnick, Transmission Open Access in Chile.

Notes:
Transmission line income, charted according to increasing voltage,  based on modern equivalent asset valuation, with income determined over 30 years and a 10% annual return. 

5. Transmission investment

The Chilean model requires third party access, but may require generators to add sufficient transmission capacity to make this possible. Transmission investment is undertaken through the concept of the ‘economically adapted’ transmission system. The regulator:

· formulates an indicative reference plan for generation and transmission expansion, and including private investment proposals over a 10-year planning horizon; and

· determines an ‘economically adapted’ transmission system, that is an installation which ‘allows a given quantity to be produced at the lowest cost’. 

At the same time, grid extensions can be undertaken by any network user, without the need to go through regulated processes. However, in practice, the unclear legal framework has meant that little investment has taken place. 

B. Transmission pricing in E&W

The National Grid Company (NGC) is the England & Wales system operator and is responsible for constructing, maintaining and operating the HV transmission system. Suppliers, centrally despatched generators and some directly connected users pay for these services through use of system and connection charges. 

1. Market arrangements

The NGC uses a linear programme to calculate the least-cost operating schedule that will met the forecast level of demand. The marginal generating unit in each half-hour is identified and this price bid is used to calculate the system marginal price (SMP), paid for all generation scheduled for that half-hour, across the entire Pool. A capacity payment, based on the loss of load probability is added to derive the Pool Purchase Price (PPP) paid to generators. Suppliers pay a higher Pool Selling Price (PSP), equal to the PPP plus the Uplift charge which includes a variety of transmission related costs. The SMP is not differentiated on a regional basis. 

2. Transmission charges

Centrally dispatched generators and all suppliers who make use of the transmission system pay transmission network use of system charges. The bulk of the costs of the HV grid are met via connection and use of system charges to distribution/retail businesses and generators. Other transmission related costs, such as losses, the provision of reactive power and the cost of out-of-merit generation are paid for via the Pool. 

Transmission losses 

Transmission losses are accounted for by scaling up, for each half-hour, metered demand by the same amount, until the adjusted demand equals the metered generation sold through the Pool. 

Transmission congestion

Transmission constraints are paid for through a charge referred to the ‘operational out-turn’ component of Uplift, recovered as a £/kWh charge. When the NGC calculates a day-ahead operating schedule, it ignores transmission constraints. In effect, the Pool promises to buy all the electricity covered in this schedule at the PPP:

· a constrained-off plant must buy back its scheduled output, but at its own bid price, which will be below the PPP;

· constrained-on plant will sell its output to the Pool at its own bid price (which is above the PPP). 

The net cost of the constraint is equal to the bid of the constrained-on station, less the bid of the station which is constrained-off. Other divergences between the day ahead schedule and actual generation are treated in the same way. 

A part of Uplift is recovered as a surcharge on the Pool price, and the remainder as a direct charge to customers. Both are recovered on a per kWh basis. Charges are calculated on the basis of customers’ demand during periods of relatively high demand when Uplift costs are more likely to be incurred.

Uplift Management Incentive Scheme

By 1994 Uplift had increased significantly. It was considered that the NGC had limited incentives to minimise the total cost of operating the system, for instance, by completing maintenance programs more quickly and minimising numbers of circuits out of commission. As a response, the Uplift Management Incentive Scheme (UMIS) was negotiated. Those parts of Uplift which the NGC could influence (all, but some payments for unscheduled availability) were defined and referred to as Incentivised Uplift. The NGC would receive 30% of any savings which it could achieve. In the event, these savings turned out to be substantial, and the NGC received the maximum payments allowed under this scheme. 

Transmission Services Scheme

In 1995 UMIS was extended and replaced by a more detailed scheme, the Transmission Services Scheme (TSS). This attempted to identify the costs of constraints more accurately by calculating a second ‘unconstrained’ operating schedule using the out-turn level of demand and taking generators’ errors into account. Differences between this schedule and the actual pattern of generation should be due to transmission constraints, and the NGC could be given a greater incentive to reduce the costs involved. Uplift was divided into ‘transport uplift’ and ‘energy uplift’ with different incentive arrangements for each component:

· transport uplift included the costs of transmission constraints, ancillary services, scheduling and dispatch effects; 

· energy uplift include the costs of generator redeclarations, generator shortfalls and demand forecast error.

An additional feature of the Transmission Services Scheme was that it placed incentives on the NGC to manage transmission losses. A target volume of transmission losses was negotiated between NGC and suppliers. If the outturn volume of transmission losses differed from a reference level by more than 20%, payments would be made to or by the NGC at a notional price of £25MWh, with a total exposure of £2million. 

Transmission Services Use of System Charge

Consumers pay transmission use of system charges based on demand in peak periods. NGC pays the cost of Transport Uplift into the Pool on a daily basis and charges consumers on a daily basis. In order to determined how much to recover from consumers on each day of the year, NGC uses a set of profiling factors as part of the calculation. Each consumer pays to NGC the transmission services use of system charge which is composed of two elements:

· the transmission services uplift element; and

· the reactive power uplift element. 

These are determined on a pro-rata, non-locational basis. The average price per MWh will be published, alongside daily pool prices. this is the price paid by each consumer per MWh of unadjusted consumer gross demand in peak periods. These charges are not levied in off-peak periods. 

Connection charges

Connection charges are based on the cost of the assets involved at each site. 

Access charges (Transmission network use of system charges)

The Investment Cost Related Pricing (ICRP) methodology introduced in 1993/94 is the basis of transmission use of system (TUOS) charges and has been fully phased in. As a result of the price control proposals made by the Director General of Electricity Supply (DGES) further changes were made:

· the 25:75 split of TUOS charges between generators and suppliers has been adjusted to maintain the 1996/97 balance of overall transmission revenue; 

· the scaling of generation TUOS charges by the ratio between peak demand and registered capacity has ceased;

· the number of generation transmission network use of system zones for charging has increased from 14 to 16; and

· the number of demand TUOS zones for charging has been reduced from 14 to 12, corresponding to the areas of the regional electricity companies (RECs). 

Zonal structure of access charges

Following industry reform, initial TUOS charges divided the country into 11 zones and set zonal prices for:

· peak demand charges, based on each supplier’s ‘triad’ demand – the amount taken during the 3 half-hours of highest demand that were at least 10 days away from each other; 

· registered generation capacity; and 

· energy generated charges for generators, set as a constant proportion of capacity charges. 

Until 1996/97 the same – first 11, then 14 – zones were used both as a basis for determining generator and demand charges. From 1997/98 NGC determined different zones for demand and generation. Each REC’s area is a single demand zone to simplify the task of achieving competition in supply. NGC also added two more zones for generation, to better reflect its costs. These charges display much greater geographical differentiation than was the case in the past, but may underestimate the true cost of electricity transmission. 

Figure IV‑5: Schedule of charges for TUOS charges 1997/98

Generation zone 
Generation tariff (£/kW)
Demand zone
Demand tariff (£/kW)

North
7.97
Northern
0.88

Humberside
4.87
Norweb
5.33

Rest of Yorks & Notts 
3.73
Yorkshire
4.82

Eastern Lancs
2.51
Manweb
5.58

West Lancs
3.81
East Midlands
7.48

North Wales
5.48
Eastern
9.17

West Midlands
1.33
Swalec
8.74

Rest of Mids & Anglia
1.56
Seeboard
14.83

South Wales
-4.94
London
10.10

Central England
-0.55
Southern
13.47

Estuary
0.88
South Western
12.63

Outer London
0.02

16.26

Inner London
-9.89



South Coast
-4.04



Wessex
-5.77



Peninsula
-10.11



Source:
NGMC Statement of Charges 1997/98.

These charges recover less than a quarter of NGC’s costs, hence the NGC increased all charges by common amounts, £2/kW for generators and £8.30/kW for customers. The figures were chosen to raise 75% of revenues from RECs. 

Investment cost related pricing (ICRP)

Following a review of transmission prices, the NGC determined its preferred charging option as ICRP. ICRP aims to assess the cost of expanding the system to cope with additional demand or generation at each node in turn by minimising MW-km of transport, assuming that electricity flows along the shortest routes between nodes with net generation and net demand. The ICRP model then calculates the extra transmission capacity (in MW-km) to derive an estimate of the marginal cost of demand. At any node the cost of generation would be equal and opposite to the cost of demand. Northern generation and southern demand increase NGC’s costs, while the marginal cost of southern generation is negative. 

Points with similar costs were grouped into zones, and the transport charge for each zone is based on the average cost of the points within it:

· demand charges are based on the average of three ‘triad demands’, scaled up to reflect peak demand; and 

· generation charges are based on registered capacity, rather than output.
 

Demand charges

Customers pay demand charges based on average demand during the three settlement periods or half hours forming the system peak. Customers need to provide estimates of this average demand in advance of the charging year, and payments are reconciled later. 

Generation charges

Charges for centrally despatched generators are initially based on the generator’s forecast of the sum of the highest registered capacity, declared for settlement purposes, of each generation set within a power station. Reconciliation is undertaken at a later stages on the basis of registered capacity for settlement purposes. 

Charges can be positive and negative. Charges for each generation set paying a negative tariff are the lower of:

· the highest registered capacity declared for settlement purposes; or

· the average of the highest metered output during any three settlement periods separated by a minimum of ten clear settlement days. 

Charges differ further if a power station is a net importer during the three settlement periods forming system Demand Peak. 

Embedded generators

Non-centrally dispatched and non-pooled generators are currently exempt from:

· all NGC TUOS charges and payments;

· the NGC generation charge; and

· the demand charge, provided that they are not importing during all three settlement periods forming the system demand peak. 

If the total output of a non-centrally despatched embedded generator can be credited to a nominated supplier or shared between a number of nominated suppliers, this reduces the supplier’s liability for TUOS charges. 

3. Transmission investment

NGC has a licensed monopoly for the operation, planning, expansion and maintenance of the HV network. NGC is required to publish an annual Seven Year Statement containing forecasts and information on the transmission system which can allow companies to make informed judgements about the prospects for connecting new capacity. 

C. Australia 

The following reviews transmission pricing arrangements in the NEM and in Western Australia. Energy pricing principles and transmission investment provisions are reviewed in Chapter 4 of this report. 

1. New South Wales

TransGrid is the New South Wales transmission network operator. Its network charges are determined by the Independent Pricing and Regulatory Tribunal (IPART). 

Transmission charges

Charges to generators are a fixed annual sum and cover the cost of connection to the transmission network. No additional charge is made to generators for the use of the transmission network. 

Distributors and major customers connected to the transmission network bear its cost and the cost of connection. TUOS charges for distributors have three parts:

· 50% fixed charge;

· 25% based on peak and shoulder energy consumption; 

· 25% based on average demand. 

Pricing principles

Figure IV‑6 illustrates the structure of charges. Generators are charged for the cost of entry equipment. Prices for distributors and major customers are calculated in a three-stage process:

1. Regulated revenue to be recovered from customers is allocated to cost categories based on the replacement cost of the assets employed according to various asset categories:

· transmission network assets;

· common service assets; and 

· exit equipment.

2. The cost of the transmission network is recovered in two parts:

· 50% is recovered through the cost-reflective network pricing (CRNP) allocation which allocates costs on the basis of network use; 

· the remaining 50% is recovered through a postage stamp allocation.

Common service costs are also recovered on a postage stamp basis, while exit equipment costs are recovered on a site specific basis. 

3. The allocated costs for each distributor are aggregated across its bulk supply points and converted into a variable price for the use of the network. The price structure ensures that:

· 25% of costs are recovered through peak and shoulder energy consumption;

· 25% of costs are recovered through an average demand charge; and

· the remaining 50% of costs are recovered through a fixed charge.

Figure IV‑6: NSW TUOS structure
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Transmission charges

Figure IV‑7 summarises the resulting charges, using the replacement cost of network assets as the basis for apportioning the allowable revenue. Average demand is used in calculation of the transmission prices for each distributor. 

Figure IV‑7: Transmission charges (50 fixed, plus 25% demand, plus 25% energy)

Fixed
plus peak & shoulder
plus demand
Total

 
$000 pa
$000 pa
c/kWh
$000 pa
$/kW pa
$000 pa
c/kWh

EnergyAustralia
65,476
32,738
0.31
32,738
7.52
130,952
0.64

 Eraring
661




661


 Vales Point 
(888)




(888)


 Stroud
(585)




(585)


Integral Energy
39,705
19,852
0.32
19,852
7.37
79,409
0.63

NorthPower
19,523
9,761
0.70
9,761
15.04
39,045
1.28

 Stroud
585




585


Advance Energy
10,607
5,303
0.57
5,303
12.29
21,213
1.04

Great Southern Energy
15,479
7,740
0.59
7,740
13.60
30,959
1.10

ANM Supply
1,663
831
0.38
831
8.75
3,325
0.58

Australian Inland Energy
1,862
1,036
0.70
825
15.04
3,723
1.11

ACTEW 
8,434
4,217
0.33
4,217
7.65
16,868
0.71

Pacific Power retail

 DELTA Retail
13,815




13,815


 Vales Point 33kV
888




888


 Macquarie retail
8,927




8,927


 Pacific Power Retail
661




661


 Erraring
(661)




(661)


Pacific power generation

 Delta gen
2,465




2,465


 Macquarie gen
1,673




1,673


 Pacific Power gen
1,962




1,962


Snowy gen
0




0


Total
192,252
81,479

81,269

355,000
0.67

Source:
TransGrid 

Notes:
Peak is 07:00 – 09:00 and 17:00-20:00 on working weekdays and shoulder is 09:00 – 17:00 and 20:00-22:00 on working weekdays. 

Queensland 

Powerlink Queensland (Powerlink) is the Queensland HV network service provider. The Queensland Grid Code (QGC) sets out the basis of grid access and transmission charges in Queensland. 

Cost allocation

The QGC identifies a number of key steps for allocating costs to Queensland ESI participants: 

1. Revenue determination. Definition of a transmission entity’s total annual revenue requirement (TARR) to include interest, depreciation and a reasonable pre-tax return on assets, as well as O&M costs, including overheads. 

2. Cost allocation. The TARR is allocated to:

· common service assets; 

· shared network assets; and

· connection (entry and exit) assets. 

The annual revenue requirement for each asset is determined as a portion of the TARR (minus the common service cost) allocated according to the optimised replacement value of assets. Common service costs are defined as the annual costs related to facilities used to ensure the integrity of the transmission grid and benefiting all trading participants.

3. Conversion to charges. Costs are allocated to generators and customers and translated into prices. 

Determination of charges

Figure IV‑8 provides an overview of Queensland transmission charges. 

Allocated costs are translated into prices based on the following principles: 

1. System control and common service costs are postage stamped to customers and translated into a $/kWh charge.

2. Connection costs are allocated directly to each connection asset in proportion to the ORV. Customers and generators respectively pay a connection charge ($/month) related to the assets employed.

Figure IV‑8: Queensland transmission service charges
[image: image8.wmf]Entry services

Exit services

Location 

Location 

specific

specific

Generator 

Customer 

Customer 

Common

Customer

connection

capacity

energy

service /

connection

System

control

$/month

$/kW/month

$/kWh

$/kWh

$/month

Generators



$/kWh



Customers

Customer

energy





Shared network services

Location specific

Non location specific




Source:
Powerlink 

3. Shared network costs (net of system control and common service costs) are allocated to customers on the basis of a 50/50 locational/postage stamped split:

· 50% of shared network costs are allocated to each network branch serving customers in proportion to the ORV of assets using the CRNP methodology. Individual customers pay for the use of each asset as follows:

· 50% of the allocated costs are translated into an energy charge determined by the customer’s energy consumption as a proportion of total (c/kWh); while

· the remaining 50% of the allocated cost are determined by customers’ demand in relation to total demand for that asset in $/kW/month.

· The remaining 50% of shared network costs are postage stamped to all customers on the basis of a $/kWh charge. 

2. South Australia 

The following prices apply to ETSA Transmission network customers connected directly to the transmission network from 30 June 1999 (Figure IV‑9):

· customers are charged use of system, demand charges and common services charges; and

· charges incorporate no locational signals. 

Figure IV‑9: ETSA Transmission Corporation charges

Charges
Levels

Entry points


ETSA Power Corporation
$219.00/day

Optima Energy
$4,164.00/day

New entry points
Subject to location and negotiation

Exit points


Western Mining Corporation
$740.00/day

ETSA Power Corporation
$49,671.00/day

New exit points
Subject to location and negotiation

Use of system


Demand component1
$42.321/MW/day

Usage component2
$9.384/MWh

Common services


Usage component3
$1.681/MWh 

Notes:


1
Applied to the annual Agreed Maximum Demand. 

2
Measured from Monday to Friday between the hours of 0900 and 2100. 

3
Applied to total energy usage. 

Source:
South Australian Government Gazette. 

3. Victoria

The institutional structure surrounding provision of transmission services in Victoria is the following:

· PowerNet (the grid operator) charges the Victorian Power Exchange (VPX) for provision of the shared network as a whole (the Network Charge) through a fixed monthly charge;

· PowerNet charges distributors and generators for use of dedicated connection assets (power station switchyards and load supplying terminal station transformers) through a fixed monthly charge; and

· VPX charges distributors and any EHV customers for use of the shared transmission network with a variable charge based on network usage. 

Structure of charges

Figure IV‑10 shows how the different components of network charges are transacted between PowerNet and VPX and are eventually passed on to customers. 

Figure IV‑10: Transaction of network charges

[image: image9.wmf]Entry

Generators

Exit

VPX network costs

Common

Service

Shared network 

Use of 

system

PowerNet costs and 

charges

VPX costs 

VPX charges

Distribution/ 

retail businesses 

and major 

customers


Source: VPX Approved Statement of Charges, April 1998.

Transmission prices

The following summarises the method used to calculate TUOS prices and how these are used to determine charges:

· The network charge from PowerNet to VPX includes two components:

· the locational component; and 

· the common service component. 

· VPX’s costs for planning and operating the network are recovered through TUOS charges. 

· The locational component is allocated on a locational basis to terminal stations using the cost reflective network pricing (CRNP) method, based on use of the transmission network over the peak summer period in the previous year. 

· These locational costs are converted to prices based on average summer peak demand and summer weekday energy delivered to each terminal station:

· Demand charges are based on the average of the ten highest daily peaks on weekdays, over a five month extended summer period. These are capped at $20/kW.

· The remaining costs are recovered at each supply point through a summer weekday energy tariff.

· A common service charge recovers PowerNet’s common service costs and VPX’s network related costs. 

This cost allocation is carried out every five years. Between reallocations, the prices for individual locations are scaled to recover the PowerNet network charge to VPX for the particular year. This is carried out while ensuring that charges for individual locations do not move away from the average price for all locations by more than 2%. 

Figure IV‑11: Demand charge
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Source: 
VPX Approved Statement of Charges, April 1998.

Figure IV‑12: Energy charge
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Prices for generators

The introduction of a firm access market for charging generators for use of the transmission network is being considered by VPX. 

4. Western Australia 

In Western Australia transmission network charges consist of three components:

· connection (including some ancillary services costs); 

· use of system; and

· common service (including some ancillary services costs). 

Use of system charges are applied both to generators and to customers (Figure IV‑13). For both generator and customer TUOS charges, prices are determined on the basis of the CRNP methodology and are location specific. 

Figure IV‑13: Overview of transmission network charges

Charge
Applicable
Determination

Use of system (loads)
Connected transmission loads
Fixed annual charge based on contract maximum demand

Prices are location specific

Use of system (generators)
Connected generators

Some generators indirectly connected to the transmission system
Fixed annual charge based on declared capacity

Price are location specific

Source: Western Power

D. New Zealand

The New Zealand HV system consists of two AC sub systems for the North and South Islands, connected by a 1,200MW HVDC link. Transmission accounts for a large proportion of the cost of delivered energy, particularly since the major hydro resources are in the South of the South Island, while loads are located in the North of the North Island. 

New Zealand introduced direct access as part of its industry restructuring in 1994. The focus of the New Zealand reforms was foremost on the efficient utilisation of assets. This was implemented by adopting the nodal pricing framework advocated by Schweppe. Changes to transmission pricing were implemented in 1996.

1. Market arrangements

The New Zealand Electricity Market (NZEM) is a voluntary market operated by the Electricity Market Company Limited (EMCO). Within this market, a real time (half-hourly) price for electricity is determined, day-ahead purchase quantities and prices are agreed, and future energy contracts are traded. The physical dispatch of electricity from generators to energy purchasers and the balancing of supply with demand is coordinated by a single state-owned utility, Trans Power. The wider electricity market encompasses any bilateral contracts between generators and energy purchasers outside the NZEM. 

Trading arrangements

The NZEM is a full nodal pricing spot market. The real-time physical spot market comprises three half-hourly iterative markets – an energy market and two reserve markets. These markets are designed to forecast market-clearing conditions and to iteratively improve on this forecast close to the real-time dispatch. 

Generator offers and load bids are used in a day-ahead (indicative) market clearing process to produce a preschedule and forecast prices for individual busses on the transmission system. Final prices are determined ex post by solving the market clearing model to meet actual metered loads using generator offers and grid states at the beginning of each half-hourly trading period. Reserve is integrated into the market clearing process. 

Real time dispatch must meet actual loads, but is determined, as far as possible, by resolution of the market clearing model using the latest generator offers. 

The market clearing model produces prices for approximately 600 nodes in the physical network and active power prices are published for some 150 points at which power is bought and sold. Prices are driven by constraints which are binding in a rerun of the primal dispatch model, rather than by those which were identified as physically binding during the dispatch period. 

Prices in the wholesale market

From 1 October 1996 the NZEM has operated on a nodal energy pricing basis with two components: 

· energy prices at a particular grid location, or node, are set by the marginal cost of generation set to meet the demand at that node; and

· price difference between nodes reflects the marginal cost of losses and various transmission constraints. Price outcomes differ according to the type of constraint (capacity, voltage or reserve). 

The New Zealand pricing model represents ‘snapshots’ of the system in a particular half-hourly dispatch period and involves significant complexities; pricing is undertaken for real, reactive power and voltage:

· active power prices are a function of losses, voltage magnitudes, reactive power injections and possibly other constraints; 

· reactive power pricing varies for different types of nodes and depends on similar factors; and

· voltage prices are also defined for voltage magnitudes and phase angles. 

Since energy prices depend on the actions of other parties, this creates significant uncertainty about short-run prices at any particular node in the network and between any pair of nodes. Read also notes that this has greatly increased the market power of some generators by effectively segmenting the national market. 

Transmission losses

Transmission losses are reflected through location factors and AC factors, where the price of electricity at a given point is the price at the reference node, multiplied by the AC factor at that node. The AC factor describes how total transmission losses change for a small change in demand or generation. The effect of including marginal transmission losses in nodal energy prices is that the prices at different nodes may be greater or less than the system marginal price. 

Equation 1: Change in transmission losses at node i
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Where:

Pi 

is the price at node i;

( 

is the system marginal price of generation (the cost of the most expensive generation plant); 
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is the AC factor. 

Transmission congestion 

The nodal pricing framework adopted in New Zealand distinguishes between three types of constraints – thermal, voltage and reactive power and spinning reserve - with associated different price consequences. In all cases constraints lead to out of merit generator dispatch decisions and pricing outcomes depend on which generator is dispatched. 

Thermal constraints lead to price breaks between regions, but also to shifts in prices where there are loop flows. If there is a constraint within a loop, the so-called ‘spring washer’ effect occurs when prices spiral around the loop with gaps occurring across the constraint. Some prices will be less than unconstrained prices, others will be higher. In this instance, prices are set by the transmission constraints, and in practice the cost of constraints tend to predominate the costs of losses. How prices develop depends on which plant is constrained on or off. The procedures relating to constrained-on or –off generators are being developed by Trans Power. 

Transmission hedges

Until recently, ECNZ and Contact Energy offered transmission hedges at the North and South Island reference nodes, taking the form of a contract for differences based on a strike ratio. The strike ratio was the ratio of nodal prices between a nominated representative local node and the island reference node. Four types of hedges were offered, a summer and winter day and night hedge, respectively, and hedges were capped. Trans Power has now discontinued the sale of transmission hedges. 

Transmission rentals

Nodal spot prices result in ‘rentals’ being created in the wholesale electricity market, in the form of loss and constraint rentals. The NZEM Clearing Manager collects the rentals in the first instance. The rentals collected by the NZEM Clearing Manager are paid to the owner of the transmission assets, normally Trans Power. 

Loss rentals

Who collects the line rental depends on whether trading takes place through the pool, or via bilateral trading outside the pool:

· in the first instance, the pool collects the loss rental; 

· in the case of bilateral trades, variations in losses imply that contractual injections do not match the purchaser’s off-take, and a mechanism is required to absorb the ‘overs ‘ and ‘unders’.
 

Constraint rentals

If there is a transmission constraint between nodes:

· price differences will emerge between nodes; and

· contracts for selling energy cannot be fulfilled without a mechanisms to determine who had the ‘rights’ to use the transmission capacity. 

In the first case the Pool collects the constraint rental on the quantity traded. If there are bilateral contracts, and if energy cannot be sold across the constraint, this translates into an ‘over’ on one side and an ‘under’ on the other. The ‘over’ is bought by the NZEM Clearing Manager on one side of the constraint who correspondingly sells the ‘under’ on the other. 

Rental rebate

Transpower rebates the rental to the electricity industry, based on the following principles:

· marginal price signals should not be distorted; 

· the method of rebating should not discriminate between NZEM members and non-members; ie it should not create artificial incentives to by-pass or belong to the pool;

· the rentals should not create artificial incentives to bypass or use the transmission system. 

It is envisaged that each month Trans Power will receive from the NZEM Clearing Manager the total rentals on each circuit. The circuit rentals are mapped to line assets, using the same set of mapping rules as employed in the transport charge methodology and returned to the parties paying for a particular link. In the case of the DC link, rentals are returned to generators. 

2. Transmission pricing

The pricing structure for transmission services in New Zealand reflects the existence of locational charging in the energy market and consists of:

· connection services providing customers with physical connection to the grid; 

· access services for the interconnection of otherwise discrete ‘islands’ of load and generation; 

· transport services enabling electricity supply and demand to be balanced through the grid across widely separated connection points between generators and loads; and

· an HVDC charge to cover the costs of providing inter-island transmission services via the HVDC link. 

Off-take customers are charged for these services as a bundled product, collectively referred to as transmission services. Customers may contract for these bundled services or pay for them under posted terms and conditions. 

Connection charges

Connection charges recover the costs of connecting a customer to Trans Power’s grid. The service is usually provided by a user-specific set of assets, and the charges are, in general, related to Transpower’s costs of investing in and maintaining those assets. For generators, they include ‘deeper’ connection charges. 

HVDC link charge

All HVDC costs are recovered by charges to the South Island generators. 

Transport charges

The charge for transport services recovers part of the costs of providing lines and substations that make up the grid. Transport costs are calculated for each connection point on the grid and expressed as a $/kW rate. This is a location specific charge, reflecting the differing share of specific grid assets that support the service to different connection points. 

Transport charges are intended to recover two types of costs:

· future avoidable costs, that is, costs yet to be incurred which can be avoided by users removing or diminishing their need for future transmission service (e.g. the cost of replacing assets); and

· unavoidable costs which cannot be avoided by changed grid-user behaviour. 

A load flow based allocation methodology has been developed by Trans Power to calculate the relative share of each grid asset that each connection point requires. The model produces a table describing each customer’s share of each AC asset and generator’s share of connection assets. These funding shares are used to allocate the monthly rentals on each asset. There is provision to recover the cost of future investment undertaken by Trans Power via the transport charge. 

Transport charges to generators

Transport charges are currently only levied on loads. However, Trans Power report that transport charges to generator are intended to recover a portion of avoidable network costs, such as the costs of new investment not recovered through the sale of transmission hedges. Generators’ transport charges will be calculated by multiplying the relevant rate (in $/kW) by the relevant maximum injection (in kW). 

Transport charges to customers

Transport charges to customers recover a portion of all network costs, including a portion of the costs of new investment not recovered through the sale of transmission hedges, and a portion of the capital and O&M costs of the network. They are based on sharing common costs, according to the ‘transport allocation’ methodology. This allocates to each customer, at each connection point, a share of all network assets. The costs associated with each asset is then allocated to all the connection points (and customers) according to their asset shares. 

Each transport rate is derived by dividing the connection point’s share of network costs by Transpower’s estimate of its peak demand. Transport rates vary between connection points, depending on the extent to which each point requires the use of network assets. Transport rates are expected to remain stable from year to year but only to the extent that generation and demand patterns remain stable. Significant changes in demand patterns may change the rates significantly.

Access charges

Access charges are levied for services ‘whereby the interconnection of generators and consumers creates the potential to reduce the costs of reserves and ancillary services’. These are based on highest anytime peak during the contract term. 

Access charges have been determined on the basis that, in theory, the value of access services is the avoided cost that each grid user would otherwise face in providing their own reserves, frequency control etc. The charge for access services is based on nominated capacity at each grid connection point. A base rate, common to all off-take connection points and expressed in $/kW is applied to all grid offtakes and recovers a portion of the fixed costs of the existing grid. At present access charges are levied on loads only. 

Contractual arrangements

Price blocks of access and transport charges

Access and transport charges are calculated by multiplying access and transport rates by nominated maximum demand. Forward nomination allows customers to obtain a known price for access and transport charges for up to five years, provided their recorded maximum demand remains lower than the total nominated level.
 Customers may nominate a ‘suite’ comprising a number of blocks for each connection point, with terms specified in whole multiples of one year. Access and demand rates are not recalculated during the term of each block, but are adjusted by inflation. 

Figure IV‑14: Nominated price blocks


[image: image15.wmf]MW

40

35

30

25

20

15

10

5

0

Oct-96

Apr-97

Apr-98

Apr-99

Apr-00

Apr-01

Price years

1

1



2

2

3


Source: 
Trans Power 

In Figure IV‑14, a customer has nominated:

Block 1
20,000 kW 
for 5 years
commencing 1 October 1996

Block 2
10,000 kW
for 3 years
commencing 1 October 1996

Block 3 
5,000 kW
for 6 months
commencing 1 October 1996

Additional blocks may be nominated prior to their commencement date in any year (Figure IV‑15). In Figure IV‑15, the customer might nominate an additional:

Block 4
15,000 kW 
for 5 years
commencing 1 April 1997

Block 5
5,000 kW
for 4 years
commencing 1 April 1996

Figure IV‑15: Subsequent nominations of price blocks
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The payment of access and transport charges does not imply an obligation on Transpower to maintain continuous transmission, or to maintain voltage at the level of demand nominated or recorded. The maximum demand referred to here may therefore be greater or less than the maximum demand entitlement (MDE) defined in the connection contract.

Excess demand and incremental demand charges
Demand which is in excess of a customer’s total nominated level must be paid for via:

· the incremental reset option; or 

· the excess demand option. 

These options provide alternative ways to pay for the level of transmission services received over and above the total level nominated in advance. 

Under the incremental reset option, access and transport charges are based on maximum demand recorded to date, or incremental maximum demand. While recorded demand is less than the aggregate nominated demand, access and transport charges are based on the contracted rates for the relevant price blocks. Demand in excess of the aggregate nominated demand is charged at the sum of the relevant access and transport rates (incremental demand). Incremental maximum demand will reset down again only when there have been no ‘upward resets’ for a period of time called the reset period. During the reset period, incremental demand may increase, but will not decrease. 

Figure IV‑16: Incremental reset


[image: image17.wmf]MW

45

40

35

30

25

20

15

10

5

0

Oct-96

Apr-97

Apr-98

Apr-99

Apr-00

Apr-01

Apr-02

Apr-03


Source: 
Trans Power 

The access and transport rates under the incremental reset option are referred to as ‘base rates’. 

Figure IV‑17: Incremental demand charges
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Excess demand option
Under the excess demand option, an excess demand charge will apply if demand at any time exceeds the sum of the nominated demands for each block nominated. These charges apply in every half hour for which recorded demand is greater than the aggregate nominated demand (Figure IV‑18). 

Figure IV‑18: Excess demand charges
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The contract period

The original intention was that transmission services would be contracted for a term up to five years; however, Trans Power state that the contract period has been (temporarily) limited to one year only. Under the longer term option, charges could vary with the terms of the contract, to reflect the risk to Transpower that its assets could become stranded. 

Figure IV‑19: Risk adjusted rates
Contract term
Risk allowance

5 years
none

4 years
1%

3 years
2%

2 years
3%

1 year
4%

Posted terms and conditions
5%

Source: Trans Power 

Transmission investment 

The financing and planning of network expansion and planning for new users is undertaken in the context of a policy that expansion should occur if, and only if, there is a group of participants ready to pay for it, with transmission hedges being issued to those financing expansion.

Policy

Users who are expected to benefit from an expansion are expected to enter into a ‘take or pay’ contract to cover the ‘fixed cost component’ of the project, i.e. the projected NPV of the rental shortfall. Where a new investment provides benefits to specific customers, or a small group of supporting customers, Trans Power expect that investment will be entirely funded by those customers through additional connection service charges. 

Private investment 

In practice, market participants have funded new investment in dedicated equipment, but private investment in the shared network has not occurred.

While it is recognised that Trans Power might need to play a role in establishing coalitions, partially financing expansions on behalf of dispersed stakeholder and/or investing for network security reasons, appropriate governance or planning provisions have not been determined. In cases where Trans Power perceives such a need, it aims to undertake investment for the ‘common good’. The costs of such investments would then be recovered by way of additions to the transport and access charges. 

Transmission congestion contracts

The nature of capacity rights in return for investment has yet to be clarified. There are some plans for introducing TCCs. 

E. Norway 

The Norwegian electricity supply industry was deregulated in 1991. The Norwegian and Swedish wholesale electricity markets are effectively integrated. The dominant transportation pattern of the Norwegian HV grid is from south western and central mountainous regions to the eastern part of Norway, the region around Oslo. 

The 1990 Energy Act set out a number of principles for restructuring the industry, including open access to the transmission and distribution networks for any licensed generator or supplier. The central grid comprises 11,000km of HV lines and is operated by Statnett SF, a state-owned transmission business. 

1. Market arrangements

As the owner of 80% of the main grid, Statnett is responsible for transmission and acts as system operator.
 Statnett, jointly with its Swedish counterpart (Svenska Kraftnät) owns Nord Pool, the Norwegian-Swedish electricity pool consisting of a day ahead spot market as well as markets for financial futures contracts.

Nord Pool

Nord Pool provides short-term physical markets and medium-term financial futures markets for trading electricity. These markets exist in addition to bilateral physical contracts between generators and distributors exchanged outside Nord Pool which account for 85% per cent of physical trade.

In the short-term market (Elspot) participants bid for day ahead contracts for physical deliveries. The clearing process results in a series of contracts between Nord Pool and market participants. 

Price determination

Bids are translated into demand-supply schedules. Nord Pool balances supply and demand by stacking up the supply and demand curves of the market participants to determine a system price. 

Imbalances between actual and planned trades are addressed through an additional ‘balancing’ or ‘regulation’ markets. Before each trading day, bids are accepted which represent the prices at which participants are prepared to increase/reduce their output (or increase/reduce their demand) on the central grid. 

If power flows between two or more bidding areas are expected to exceed capacity limits, two or more area prices are calculated. This is part of the procedure to establish equilibrium day ahead prices in NordPool:

· An equilibrium price is calculated without considering constraints. This results in the ‘system price’ and is a common reference price for Norway and Sweden. 

· If the system price implies grid constraints, price regions are defined and separate regional prices are computed. Costs of constraints are internalised in power prices as the difference between the system price and the regional price. 

2. Transmission pricing 

With the 1990 Energy Act, the former system of distance-related tariffs was removed and from January 1993 nodal tariffs were introduced in almost all parts of the network. Transmission charges consist of a variable component and a fixed component at the point of connection:

· the variable component covers an energy element (marginal losses) and a capacity element (network congestion); while

· the fixed component covers connection costs and a power element. 

The fixed components of transmission charges are determined on a postage stamped basis according to the following principles:

· both customers and generators are required to pay for the use of the network;

· prices refer to specific connection points, but give access to the entire Norwegian network/the electricity market; and

· typical power flows and the loading of the system are taken into account when tariffs are calculated.

Transmission losses (energy element)

Pricing of losses is undertaken via an energy fee which is intended to reflect marginal losses in the grid through a set of loss factors (Figure IV‑20). Loss factors differ between periods, season and time of day and are applied to the spot price of electricity. A number of simplifications were made, in order to determine the energy element of charges and to avoid nodal pricing at each of the 215 nodes:

· the country was divided into five regions – two energy surplus and three deficit areas;

· three time periods reflect high and low demand conditions (winter day-time, winter night-time and summer); and

· the loss factor represents weighted marginal losses from the node in question to all other nodes. 

Figure IV‑20: Energy charge marginal loss factors
Period

Southern Norway East
Southern Norway Vest
Middle Norway
Northern Norway South
Northern Norway North

Winter Peak
Output

Input
4%

1%
1%

4%
5%

1%
-1%

7%
0%

6%

Winter off-peak
Output

Input 
3%

1%
1%

3%
4%

1%
0%

5%
1%

4%

Summer
Output

Input
2%

1%
1%

2%
3%

1%
0%

3%
0%

4%

Source:

NordPool

The Norwegian grid operator buys power at the current spot price to cover losses. In turn, customers pay a fee which approximates the cost to the grid – the product of metered exchange with the central grid and a specified marginal loss factor for the place and time and the spot price of electricity at the relevant hour. 

This is an approximation of real marginal losses:

· injections at different nodes within the same regions may have different effects on losses; 

· consumption and production at the same node neutralise each others’ effect on losses, but this is not properly reflected in the loss factors; and

· load may vary beyond the three typical load situations considered. 

Statnett is considering a new structure for the energy charge where loss factors would be set more frequently and for each node in the system.

Congestion prices (capacity element)

If capacity between areas of the market is not exceeded, there is only one price area where the area price equals the system price and the capacity fee equals zero. Any additional constraint during operation on the Norwegian side are then addressed through the regulating power market. 

Where there are constraints, the capacity fee is calculated as the difference between the unconstrained balance price for the (entire) power system, and the (constrained) balance price for each price area. That is, if a constraint results in the formation of two price areas, there will be a capacity fee for each area i: 
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The capacity element therefore influences local energy prices; its objective is to encourage appropriate generation and consumption decisions, and to indicate when new investment in is required:

· in areas with a generating surplus, the capacity fee is debited to sellers and credited to purchasers;

· in areas with a generating deficit, the capacity fee is credited to the seller and debited to the purchaser. 

Constraints arising during operations are addressed by the balancing mechanisms described above. The system operator buys additional generation in deficit regions or pays for reductions in surplus regions. These costs are carried by the grid. 

Fixed charges

Fixed charges are determined annually, are independent of usage and do not convey geographical signals. While the two variable tariffs - the energy charge and the capacity charge - are based on economic principles to optimise use of the network system, the connection charge is based on estimated costs of maintaining system reliability and power charges are calculated as a residual to meet Statnett’s costs. 

Connection fee 

A connection charge is paid by customers and generators and is intended to reflect the fixed costs relating to the reliability of the network:

· the tariff paid by customers is based on the contribution to the single half-hour system-wide peak demand;
 while 

· the tariff paid by generators is based on installed winter capacity. 

The charge is intended to reflect costs relating to the reliability of the transmission grid and covers around 14% of capital costs for power lines and substations. The charge is higher for loads than for generators to reflect the cost of transformers that undertake voltage reduction. Customers on interuptible contracts do not pay connection charges.

Power fee

The power fee is based on measured power input into the grid at the time of peak (winter) domestic demand. This is a residual charge to recover the costs of the grid; an increase in revenues from connection and energy charges leads to a corresponding reduction in the power charge. The power fee is adjusted for available winter capacity (added for entry points and deducted for consumption points) and for interuptible loads. For generators, the power fee is calculated on the basis of the amount of power which would have been generated, if all generators had generated their ‘winter capacity’. Statnett offers reduced tariffs for interuptible demand. 

Transmission investment 

Transmission and investments are undertaken by Statnett; all investments are subject to approval by the regulator. The regulator requests a five-year forecast of projects from all network businesses and determines whether the investment should go forward. 

Investment charges are levied if a transmission expansion to an established customer is expected to impose costs that are significantly higher than expected income. However, the regulator only permits this for radial investment. 

F. Pennsylvania-New Jersey-Maryland Interconnection (PJM) 

PJM covers the states of Pennsylvania, New Jersey, Maryland, Delaware, Virginia and the District of Columbia. PJM’s new structure was approved by the FERC in October 1998. 

1. Market arrangements

Trading arrangements within the PJM evolve around a combined Independent System Operator (ISO) and power exchange. The ISO coordinates short-term operations through bid-based least-cost dispatch with multi-part bids, while maintaining reliability. 

Trading arrangements

In April 1998, PJM implemented locational marginal prices (LMP), corresponding to a nodal pricing market where prices at each location correspond to the marginal cost of supplying an increment of energy to that location on the system. The PJM ISO began posting locational prices for 1277 locations, plus a number of aggregations into utility service areas, hubs and interface connections. During most hours the system was unconstrained and the locational prices (net of losses) were identical everywhere, although they changed rapidly from hour to hour. For a few hours in February 1998, modest constraints arose and locational price differences appeared. The lowest locational prices were sometimes negative, reflecting the value of counterflows where it would be cheaper to pay market participants to take power at some locations and so relieve transmission constraints. The highest locational prices were larger than the marginal cost of the most expensive plant, reflecting the need to simultaneously increase output from expensive plant and decrease output from cheap plant to meet an increment of load at a constrained location. 

Independent System Operator

The ISO offers open access transmission service throughout the PJM Pool via the facilities of the eight companies making up the PJM.
 Any qualified participant in the market may trade in the spot market or schedule transmission for bilateral transactions. Usage charges for transmission are non-discriminatory and apply to all users. 

The ISO coordinates day-to-day control area operations, administers transmission services, operates the wholesale market and directs the coordinated regional planning process. In the process, the ISO provides a bid-price energy market which permits bilateral sales and facilitates secondary markets in energy and transmission entitlements. The precise structure and operation of the ISO remain to be determined by FERC. 

Price determination 

The price paid for energy bought and sold in the PJM Interchange Energy Market reflects the hourly Locational Marginal Price (LMC) at each load and generation bus. As is the case in New Zealand, electricity is priced at each location on the transmission system to equal the marginal cost of supplying an increment of energy to that location in the system. This includes the marginal cost of generation, the marginal cost of system transmission losses and the effect of congestion. 

PJM trading hubs are defined as reference points at which energy products are traded (currently Eastern Hub, Western Hub, Western Interface Hub). The PJM trading hubs are fixed weighted averages of the locational marginal prices at a set of representative buses for the designated regions. Hub prices are intended to be representative of the PJM market, are relatively stable under various system conditions and are not distorted by local transmission limits. 

2. Transmission pricing

PJM provides for locational marginal cost pricing for energy transactions through the spot market and for fixed transmission rights (FTRs) to deal with transmission access and price certainty. 

Fixed $/MW charges for transmission are applied under Network Integration and firm Point-to-Point transmission services. These charges are applied to loads and vary by zone within PJM, corresponding to the transmission service areas of the historic PJM utility members.

Connection charges

Connection charges (Direct Assignment Facilities) are specified in service agreements and are subject to FERC approval. Transmission customers pay the transmission provider (TP) for any connection assets. 
 

Transmission services

PJM defines a ‘Network Integration Service’ (NIS) and a ‘Point-to-point’ service. The following transmission services in PJM are currently defined within PJM and for imports/exports:

· 10 ‘bulk power’ paths:

AP to PJM
CEI to PJM
VAP to PJM
NYPP-W to PJM

PJM to Aus-Pac
PJM to CEI
PJM to VAP
PJM to NYPP-W

NYPP-E to PJM


PJM to NYPP-E

· 12 ‘thru’ paths:

AP thru PJM to NYPP-W
AP thru PJM to NYPP-E

CEI thru PJM to NYPP-W
CEI thru PJM to NYPP-E

VAP thru PJM to NYPP-W
VAP thru PJM to NYPP-E

NYPP-WestLB thru PJM to AP
NYPP-E thru PJM to AP

NYPP-WestLB thru PJM to CEI
NYPP-E thru PJM to CEI

NYPP-WestLB thru PJM to VAP
NYPP-E thru PJM to VAP

· five ‘network import’ paths may be requested by the load serving entity:

AP to PJM NETWORK IMPORT

VAP to PJM NETWORK IMPORT

CEI to PJM NETWORK IMPORT

NYPP-E to PJM NETWORK IMPORT

NYPP-W to PJM NETWORK IMPORT

· four capacity types are available:

FIRM
TCC

NETWORK
NON_FIRM

NETWORK_ON_PEAK
NON_FIRM_ON_PEAK

NETWORK_OFF_PEAK
NON_FIRM_OFF_PEAK

· the following are valid points of receipt and delivery for all services:

PJM
AP
CEI
VAP
NYPP-E
NYPP-W

Network integration services (NIS)

The NIS allows load serving entities (LSEs) within PJM to access network generation anywhere in PJM.

Service

Acquisition of NISs is based on PJM-defined generation capacity. In turn, LSEs sign capacity contracts with generators, or in the case of vertically integrated utilities, by designating in-house generation. 

NISs are notified to the ISO and are subject to a feasibility test to ensure that al designated capacity can simultaneously meet load at system peak. Once a feasible set of generation resources has been established, NIS agreements are defined between the designated generators and the load locations. These entitle LSEs to withdraw electricity from the PJM system. However they are not required to purchase energy from their designated generators. The generators can (and do) independently bid into the ISO to be dispatched. LSEs can purchase energy in the spot market; however they are required to ensure that their designated generators are available for peak load when called upon.

Charging principles

Transmission fixed cost recovery for NISs occurs through system-wide transmission rates. These are single rates based on the costs of the transmission system at point of delivery:

· rates are postage-stamped, in the sense that each load customer pays one charge for the use of the entire system; 

· rates are non-uniform, since they reflect the historical investment of each utility in the transmission system (although the move to a uniform charge is a possibility); and

· rates do not vary depending on the source of any particular transmission schedule within the PJM system. 

Access charges

NISs are charged via fixed $/MW payment to transmission owners. LSEs also pay usage charges comprising congestion, losses and ancillary services components. 

Point-to-point services

Customers can request firm or non-firm transmission services from the TP. In addition, the ISO provides and charges for a number of other (ancillary) services, including reactive supply and voltage control services, energy imbalance services (to make up for differences occurs between scheduled and actual delivery of energy) and spinning reserve services. Firm transmission customers must pay congestion charges, while non-firm customers may elect to pay these. In either case, transmission customers are responsible for losses.

Firm transmission services

PJM offers firm point-to-point transmission services, on a first come, first serve basis, and under standard-form contracts. Firm users would have priority over non-firm users, with longer term service having priority over shorter term service. Long-term firm (one year or more) and short-term firm point-to-point transmission services are charged to customers for reserved capacity at the sum of the applicable charges for the point of delivery in $/kW for yearly, monthly and weekly charges and in terms of $/MWh for daily charges. 

Discounts may be given, subject to the following provisos: 

· any offer of a discount made by the TP must be announced to all eligible customers;

· any customer-initiated requests for discounts must occur via process of public posting; and 

· once a discount is negotiated, details must be immediately publicly posted. The TP must offer the same discounted transmission service rate for the same time period to all eligible customers on all unconstrained transmission paths.

PJM note that they intend to monitor and document the continued reservation, but non-utilisation of transmission services. 

Transmission congestion charges (TCCs)

TCCs are determined by differences in LMCs during transmission constraints, and are calculated, collected and disbursed by the Office of the Interconnection (OI). All (eligible) network customers using the transmission system are charged for the costs of congestion in connection with firm transmission services and share in the allocation of revenues received from transmission congestion charges.

Transmission users are charged for the costs of congestion on the basis of the difference between the LMC where the transmission user supplies energy and the LMC where the transmission user withdraws energy from the transmission system. To implement these charges, the OI calculates credits and debits for every transmission user based on locational marginal prices. The difference, if any, between these credits and debits, represents the TCC. 

Credits to transmission users, for each node, are then (for each hour of the day) 
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Non-firm transmission services

Non-firm point-to-point transmission services are reserved and scheduled on an as-available basis and are subject to curtailment or interruption. Such services are available on a stand-alone basis for periods ranging from one hour to one month and are charged for at the point of delivery on the basis of monthly, weekly and daily charges in $/kW and on an hourly basis, in terms of $/MWh. The same provisions as above apply to discounts as for firm services. 

Where congestion and losses are concerned, a transmission customer may elect to pay transmission congestion charges. If the applicable transmission congestion charge is positive, the customer pays the higher of the applicable transmission congestion charge or the applicable non-firm transmission rate. If the congestion charge is negative, the customer pays or is credited the sum of the transmission congestion charge and the rate. 

Limitations

Firm transmission rights are subsidiary to system reliability provisions. The TP reserves the right, consistent with Good Utility Practice and on a not unduly discriminatory basis, to curtail transmission services without liability for the purpose of making necessary adjustments to, changes in, or repairs on its lines, substations and facilities. The TP must give customers as much advance notice as is practicable in the event of such curtailment. 

The TP must also assess available transfer capability (ATC) and post this information. The ATC of a particular path is an approximate indication of the anticipated transmission transfer capability remaining on the transmission network that could be scheduled for further trades. Critical contingencies will be defined as appropriate using guidelines set forth in the PJM Manuals and consistent with NERC principles. 

Fixed transmission rights (FTRs) 

Purchasers of NISs and firm Point-to-Point receive fixed transmission rights (FTRs). FTRs are transmission congestion contracts and provide for payment of the congestion cost difference between two locations. At present FTRs may be acquired to and from the PJM trading hubs. PJM plans to introduce auctions of FTRs. 

FTRs may also be acquired by through a secondary market. The OI posts information regarding FTR transfers, including which FTRs have been transferred, the amount of the transfer (MW), the duration of the transfer and the identity of the buyer and seller. 

FTRs are assigned to firm transmission users between points on the transmission system for which firm delivery has been arranged and take account of:

· the network user’s generation capacity and the load of the customer, in MW;

· the total of firm rights which can simultaneously be accommodated by the transmission system; and

· MW of firm point-to-point transmission service purchased. 

Credits are determined for each hour in which the TP receives payments of TCCs. Holders of FTRs receive credits reflecting the difference, if any, between LMCs at points of receipt and point of delivery associated with the FTRs. Short-falls are distributed pro rata. If there are excesses these are used to make up any short-falls. Any remaining excess is distributed to firm rights holders in proportion to their demand charges.

Over-subscription for FTRs on valuable (congested) interfaces, and reliance on rather arbitrary allocation mechanisms to define rationing of FTRs has been an issue. The priority given for NISs requests has meant that there is little valuable transmission capacity left for firm Point-to-Point service. 

3. Transmission investment 

A number of processes are in place to manage new requests for firm transmission services: 

· The transmission provider must follow a specified methodology for assessing available transmission capability to perform a service. If sufficient transmission capability does not exist to accommodate a service request, the transmission provider must perform a system impact study.

· If a transmission provider determines that it cannot accommodate an application for firm point-to-point transmission service because of insufficient capability on the transmission system, it directs regional transmission operators to expand or modify the Transmission system, provided the transmission customer agrees to compensate the transmission provider for such costs.
 

· The transmission provider and the regional transmission operator must conform to Good Utility Practice in determining the need for new facilities and in the design and construction of such facilities. This requires a System Impact Study to identify system constraints and redispatch options, additional connection facilities or network upgrades to provide the requested service. 

· The Facilities Study will include a good faith estimate of 

· the cost of connection facilities to be charged to the transmission customer;

· the transmission customer’s appropriate share of the cost of any required network upgrades; and 

· the time required to complete such construction and initiate the requested service. 

· Whenever a System Impact Study performed by the TP in connection with the provision of firm point-to-point transmission services identifies the need for new facilities, the transmission customer shall be responsible for such costs to the extent consistent with FERC policy. 

· Whenever a System Impact Study performed by the TP identifies transmission constraints that may be relieved more economically by redispatching resources available to the PJM Control Area than by building new facilities or upgrading existing facilities, the transmission customer shall be responsible for the redispatch costs to the extent consistent with FERC policy. 

G. Sweden

As of January 1 1995 Sweden reformed its transmission pricing methodology. Traditionally, transmission charges were based on a ‘transit’ model, along the lines of the ‘contract path’ approach used in the US. The new tariff system is intended to be more market oriented. Users only pay a fee to the owner of the network they are connected to. In return, they are entitled to contract with anyone connected to the national grid, the regional networks or the local networks. 

The national grid is owned and operated by the state business entity Svenska Kraftnät, which also operates as ISO. 

1. Market arrangements

Svenska Kraftnät operates two national pool markets for each hourly trading period - Nord Pool and a two hour ahead market. The two-hour ahead market is a remnant of the trading regime in existence prior to Sweden’s joining Nord Pool and it plays a role in balancing. 

Zonal market

Sweden has three to four zones defined by major transmission constraints. However, these are not reflect in energy or transmission prices. When the Svenska Kraftnät identifies a transmission constraint, its dispatcher rebalances dispatch to accommodate the constraint. 

Constrained-on and –off plant are paid their offer price for additional output when they are constrained on and receive their bid price when they are constrained off. Real-time adjustments are paid for via energy prices which reflect changed dispatch schedules to generators. The net cost of undertaking these trades is charged to Svenska Kraftnät which recovers these costs via an allowance in its annual transmission charges. 

2. Transmission charges

Transmission tariffs consist of a power (kW) fee, an energy (kWh) fee and, in some cases, an investment fee. 

Power fee 

The power fee is based on subscribed maximum input and output at connection points and accounts for around 60% of the costs of the HV grid. Generators pay more in the North (where generation capacity is located), whereas customers pay more in the South (where load centres are located), and vice versa. 

Figure IV‑21: Examples of power fees (by latitude of location)
Connection point
Location (latitude)
Charge (SEK/kW/year)



Input
Output

Arrie, Germany
55,50
1
39

Breared
56,82
5
35

Beckomberga
59,37
13
27

Alvesta
60,14
16
24

Dõnje
61.40
19
21

Bandsjö
62,34
22
18

Forsmo
63,27
25
15

Blåsjön
64,68
30
10

Gardikfors
65,57
32
8

Source: 
Svenska Kraftnät.

Energy fee

The energy fee is calculated by applying a marginal loss factor to energy offtakes and injections. Marginal loss coefficients have been determined for 150 connection points; this varies from 12% in the furthest point in the North to –7% in the South. The energy fee accounts for approximately 40% of grid revenues. Figure IV‑22 below show debit/credit amounts reflecting marginal energy losses for each connection point, as applying for power injections. The opposite signs apply for loads. 

Figure IV‑22: Illustrative marginal loss coefficients (%)

Connection point
Latitude
High load weekday
High load other times
Low load weekday
Low load other times

Arrie, Germany
55,50
-5
-3
-4
-3

Breared
56,82
-2
-2
-2
-1

Beckomberga
59,37
-5
-4
-5
-3

Alvesta
60,14
-4
-2
-3
-2

Bandsjö
62,34
2
1
2
1

Blåsjön
64,68
11
8
10
7

Ajaure
65,52
9
6
8
6

Source: 
Svenska Kraftnät, Transmission costs and Pricing in Sweden.

3. Transmission investment 

Responsibility for investments in transmission lies with Svenska Kraftnät and the pooling system assigns the generation cost of transmission constraints to Svenska Kraftnät. 

An investment fee is applied in special cases, if a new connection is planned requiring significant investment. The fee is intended to recover any additional costs imposed on the national grid. 

H. California (WEPEX)

As of 1 January 1998 a new competitive power market commenced operations in California. This reform process has come in the context of two regulatory initiatives:

· The Federal Electricity Regulatory Commission’s (FERC’s) Order No. 888, Final Rule on Open Access Transmission, allowing for a competitive, market-based industry at the wholesale level, competition in transmission and encouraging third party (non-utility) transmission investment. 

· The California Public Utility Commission’s (CPUC’s) decision to restructure the California’s ESI and adopt a market model authorising spot markets, retail access, transmission congestion pricing and tradeable transmission contracts. 

Assembly Bill 1890 was passed by the California legislature and approved by the governor in September 1996. This mandates a competitive market for electricity generation, while the transmission and distribution systems will continue to be regulated, and required the establishment of a power exchange and an independent system operator. 

In the past the state’s three investor owned utilities (PG&E, Southern California Edison and San Diego Gas and Electric) owned and operated the transmission system. These three control areas were merged into one system, operated by California’s independent system operator (ISO) to ensure open access. FERC required that the transmission owners functionally divest their transmission assets. 

1. Market arrangements

The Western Power Exchange (WEPEX) divides and separates the short-term dispatch and the spot market. WEPEX comprises the California ISO and Power Exchange (PX): 

· The ISO operates the transmission system, schedule bilateral contracts, ensure reliability and provide a real time spot market.

· The PX provides a day-ahead and an hour-ahead market for buyers and sellers and will provide locational power prices, including congestion, for PX generation and bilateral contract participants. 

The PX and other SCs deal with the ISO to secure transmission access and ancillary services. Coordination through the ISO is intended to be limited to the minimum requirements for reliability on the assumption that the market will achieve economic efficiency. 

The PX is one of potentially many SCs compiling power transactions that are submitted to the ISO. These schedules incorporate demand and supply bids and must balance. In turn, the ISO’s role is to ensure the feasibility of all aggregated scheduled transactions and to ration transmission access, if necessary, on a ‘non-discriminatory’ basis.

The Power Exchange 

The PX is a non-profit ‘public benefit’ and is intended to operate as a neutral trading forum. It also provides for price discovery and as a balancing market for other SCs. The PX is a special, default SC, and all traditional utilities are required to use the PX for the immediate future. Market participants trade through the PX or competing SCs, with several markets for energy and services (Figure IV‑23). 

Figure IV‑23: California market operations
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Zonal structure

The California transmission network is divided into four zones, defined by the historic pattern of congestion. Two zones have been designated ‘inactive’, so that separate zonal prices are calculated, but not charged to customers. Zones are defined in terms of a test focussing on the annual costs of mitigating congestion (through redispatch or load curtailments) within a region. If this exceeds 5% of the annual revenue requirement for the transmission links into a region, this region is considered a distinct zone, as determined by the ISO. 

Spot price determination

The PX accepts supply and demand bids (schedules) to determine the Market Clearing Price (MCP) for the 24 periods in the trading day in a day ahead and hour ahead market. These supply and demand bids are aggregated into an energy supply and an energy demand curve. The PX also has a role in identifying network congestion and may ask market participants to resubmit bids to determine a new MCP. 

The separation of the PX and ISO roles has been accompanied by a design feature to allow for iteration of market clearing mechanisms as a means of price discovery and convergence to a balanced dispatch. WEPEX uses ‘one-part’ energy price and quantity bids to create a supply curve.
 Software and other problems of implementation prohibit use of the iteration protocols until some time after initial operation of the WEPEX market. 

Scheduling and congestion management

The distinction between the PX and the ISO has raised questions about the extent to which the ISO, as an entity that is not intended to be involved in commercial decisions, could use economic criteria to ration transmission resources. Proponents of the PX/ISO separation envisaged an iterative process whereby SCs, when informed that their proposed dispatches violated grid constraints, would perform trades with each other that could, in theory, lead to optimal feasible dispatch. 

Instead it was decided that, in conjunction with a limited iterative process, the ISO could also use some economic criteria to ration transmission capacity. The limited information that the ISO will have access to consists of ‘adjustment bids’ submitted by the schedule coordinators for deviations from ‘preferred schedules’. These bids are a series of price-quantity points that reflect what the SC is willing to pay (or receive) for differing levels of consumption (or supply) at a given point in the grid. 

These Inc/Dec bids are intended to play the role of ‘cost’ and ‘demand’ curves in a nodal pricing market. When the aggregate schedules submitted by all the SCs results in congestion, the ISO can produce a new, feasible schedule, by moving SCs away from their preferred schedules in a way that minimises total congestion costs. The transmission usage charge paid by all SCs that impact the congested path is this least-cost adjustment to the original schedules. 

There are two restrictions on the ISO:

· Redispatch by the ISO may only occur to alleviate congestion or to balance loads. No further intervention to improve efficiency is permitted. 

· Redispatch must preserve the load balance for each individual SC; that is, a decrement at one bus must be matched by equal increments at another bus. 

Adjustment bids

WEPEX will use locational transmission congestion prices to resolve congestion in the transmission system in the short run. If there is congestion, the ISO uses the adjustment bids by the SCs to determine an advisory redispatch and provides the following information: 

· an advisory redispatch schedule where bids representing the lowest price for adjustment to increase supply in the ‘deficit’ zone and the highest price to reduce supply in the ‘surplus’ zone are called upon; 

· zonal prices for each congestion zone, based on the most expensive generator in each zone, which determine interzonal transmission usage charges; 

· ancillary services prices; 

· updated transmission loss factors; and 

· a power flow sensitivity to identify effective generation shifts for alleviating congestion. 

SCs may respond to the tentative redispatch and zonal transmission prices by changing their preferred quantity schedules, but no component of price bids. This leads to the final day-ahead schedule and zonal prices. These zonal prices form market clearing prices, and zonal price differences will be charged to SCs as a transmission usage charge applied to all interzonal power flows. 

Intra-regional congestion 

Management of intra-zonal congestion has been resolved only recently, and may not be implemented until 1999, due to delays in software implementation. Intra-zonal congestion is also managed using adjustment bids and payments are made to constrained-on and –off generators, respectively. These payments are recovered through an average charge to loads in each zone through a grid operations charge. 

Transmission pricing

Transmission prices comprise connection charges, access fees and usage charges. 

Connection

At the request of a third party, a participating transmission operator (TO) must connect to the generation or load of such a third party, or modify an existing interconnection, consistent with Good Utility Practice. The TO is not required to upgrade the existing or planned transmission system to accommodate the interconnection, if this would impair system reliability or would otherwise impair or degrade pre-existing firm transmission services. The costs of any connection facilities is borne by the party requesting connection, although other upgrades to the transmission system may have to be borne by other beneficiaries as well. Connection agreements must be filed with FERC. 

Access charges

Three types of access services and corresponding charges are distinguished:

· Non-self-sufficient access charges between utilities, where the ‘dependent’ TO pays an access charge equal to ($/kWh):

· the product of the non-self-sufficient operator’s contract demand rate and contract demand; plus

· transmission revenue balancing account adjustment charges. 

· Wheeling access charges between utilities are based on a $/kWh charge. Wheeling allows SCs to deliver energy through or out of the ISO controlled grid to serve a load outside the transmission system of a participating transmission operator. Wheeling access charges are paid by SCs to the ISO. 

· Direct access end-user access charges ($/kWh), paid by customers, which vary by type of user and by times of the day/year, but not by location within a region. Access charges for transmission services are charged at point of delivery and are paid to the participating TO to whose transmission facilities the end-user is connected. Access charges are intended to recover that portion of the transmission revenue requirement not recovered through transmission revenue credits. 

Access fees are designed to ‘recover the full revenue requirement associated with the transmission facilities transferred to the ISO’s operational control by each transmission operator’. The proposal is for a single, ‘rolled-in’ rate that would be uniform for similar customers in each TO’s service area. The revenue requirement would be the unbundled transmission component of the IOU’s current revenue requirement. There is also some provision for transfer payments between utilities via a ‘self-sufficiency’ test. 

Usage charges

Transmission congestion pricing is based on a zonal system, with congestion giving rise to different prices in different zones. Transmission usage charges are based on nodal pricing principles, but this approach has been simplified by combining nodes into pricing ‘zones’. Transmission congestion zones play no role in actual congestion management, which is based on power flow analysis and redispatch. However, they play a central role in determining the transmission usage charge and in locational differentiation of the PX market clearing prices. 

Transmission congestion charge

The transmission congestion charge is defined as the difference in zonal prices and is applied to the flow along congested interconnectors. SCs with schedules that relieve congestion receive a credit equivalent to the difference in zonal prices. The price paid (received) by buyers (sellers) in the trade of electricity depends on which market is operating:

· In the day-ahead market, energy is traded at the day ahead MCP. Sellers receive (buyers pay) the MCP for each unit of electricity, times the amount of electricity they are scheduled to generate (consume in the day ahead schedule). 

· The hour ahead market is settled with reference to the day ahead market. Energy is traded at the hour ahead MCP. In the hour ahead energy market, the MWh that a PX seller (buyer) is deemed to trade is the difference between what it is scheduled to provide (receive) according to its hour ahead schedule and what it was scheduled to provide (receive) in its day ahead schedule. 

Transmission usage charge

The corresponding transmission usage charge then consists of two parts:

· day ahead zonal prices applied to flows based on the final day-ahead schedule; and

· hour-ahead zonal prices applied to the deviation of real flows from the final day-ahead schedule. 

Losses charges

Generators’ schedules are adjusted to compensate for transmission losses. Losses are determined through the application of generator meter multipliers to flows. Multipliers are based on incremental losses at anticipated system load, are published for each generator location and scheduling point by the ISO prior to bidding in the day ahead market and are recalculated (and used for settlement purposes) after the fact. 

2. Transmission investment 

The ISO Grid Coordinated Planning Process is flexible in that projects can be proposed from a variety of sources, including the transmission owners, the ISO, or any entity who participates in the energy market place through the buying, selling, transmission or distribution of energy or ancillary services via the ISO controlled grid. This is expected to facilitate the development of projects that will result in an ISO grid that best meets the needs of all users and maximises the potential benefits to the State of California. The goal is to meet the reliability needs of the state at the minimum cost to the consumer. 

Range of projects

Projects that will be developed through this process will fill a number of needs, including:

· interconnecting generation or load;

· protecting or enhancing system reliability;

· improving system efficiency;

· enhancing operating flexibility;

· reducing or eliminating congestion; 

· minimising the need for must-run contracts. 

Planning processes

TOs are required to file five-year expansion plans with the ISO. The main elements making up the ISO Grid Coordinated Planning Process are:

· Preparation of Annual Transmission Plans by participating TOs. These annual plans are to be coordinated with neighbouring systems and are to describe the proposed facility additions over a minimum five year planning horizon. Plans will identify system concerns and evaluate the technical merits of various potential transmission, generation, and operating solutions. In conducting their analysis, the TOs are to address the needs identified by the various market participants. The ISO will be involved in the TOs’ annual planning process. 

· ISO Grid Interconnection. A separate process is specified for facilitating interconnection to the ISO Grid, since this primarily concerns the applicant and the TO.

· Project Flow Through WICTTP Process. Once projects are identified, they will go through the Western Interconnection Coordinated Transmission Planning Process (WICTTP). As far as possible, the ISO planning process utilises the WICTTP to streamline the transmission planning process and avoid redundancy. 

· ISO Review Process. In addition, all ISO Grid projects will need to go through an ISO review process. This review is focused on ensuring that projects connected to the ISO grid will meet the ISO Grid planning criteria. In addition, concurrently with the WICTTP, the ISO will conduct an operational review to ensure that the project meets the ISO’s needs for operational flexibility and meets the ISO’s requirements for proper integration with the ISO Grid. Many projects will also need to be evaluated from an economic perspective to determine whether the projects cost should be incorporated into the access fee or split among beneficiaries. 

· Investment to improve reliability. The costs of reliability enhancements are rolled into the TO’s rate base, subject to review by the FERC. 

Role of the ISO 

The ISO should evaluate the physical condition of the transmission grid and report on the ability to continue existing transmission contracts or the opportunities for upgrades needed to maintain reliability or to increase efficiency. As part of this role, the ISO performs centralised coordination of transmission additions and also participates in regional transmission planning groups. However, the principal impetus for transmission investments should come from market forces manifest in customers who are willing to pay for the upgrades in exchange for incremental transmission congestion contracts and protection from future system congestion costs. 

Role of the transmission owner

TOs are obliged to build transmission additions and facility upgrades, subject to the following processes being followed:

· It is required to perform System Impact of Facility Studies, where the project sponsor or the ISO agree to pay the study costs and specifies the project objectives to be achieved.

· The participating TO has an obligation to construct, within a reasonable time, additions or upgrades to its transmission system that it is obligated to construct, subject to:

· its ability to obtain the necessary approvals and property rights; 

· the presence of a cost recovery mechanism;

· a signed participation agreement. 

· If the review process determines that one or more alternatives exist to the originally planned construction project, the participating TO should present these alternatives for consideration to the project sponsor. 

Transmission rights

The WEPEX designers initially planned a system of accompanying transmission congestion contracts for inter-zonal congestion, but this has been deferred and at present there are no transmission rights or equivalent forms of price protection administered by the ISO. 

The intention is to design firm transmission rights which will:

· be denominated in 1 MW increments for all interzonal transmission paths;

· depend on the path’s total capacity; 

· represent financial rights that pay holders a share of interzonal congestion rentals collected by the ISO on the specified interface;

· imply a rebate of the interzonal usage charge. 

The intention is that transmission rights will be auctioned on an annual basis and rebated to TOs to be offset against regulated revenues. 
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� 	In addition, two other HV systems are operated by two independent HV transmission companies. 


� 	The Argentinean system is essentially a radial one, with substantial parts of generation travelling down a limited number of 500kV power lines.


� 	These aim to reflect the costs of two short-duration and long-duration outages, that is:


outages lasting 20 or fewer minutes, where the cost of an outage is assumed to be the cost of re-dispatch; and


long-duration outages, where the cost of an outage is assumed to be the increase in system cost over a 14-day outage simulation period, and the system cost includes the expected cost of unserved energy.


� 	These prices are based on 10-year projections of the principal variables determining the cost of energy at each substation, including projected demand growth, reservoir levels and hydrological conditions, fuel cost for thermal generators, planned maintenance schedules and scheduled additions to generation capacity


� 	Rudnick notes that this has caused difficulties for distribution/retail businesses in distant locations face problems, since no generators want to sell energy to them, given that supplements to reach them are high. 


� 	In 1994, the income obtained through network rentals was only around 14% of the required annual revenue for financing the transmission network (income from energy spot prices was 12% and from peak power marginal prices was 2%).


� 	The exception is where the charge is negative; NGC will only pay generators for an amount of capacity equal to their highest metered output.


� 	This role is played by a suitable generator who is able to vary its output to match supply with demand. The NZEM Clearing Manager then sells leftover energy from bilateral trades at the spot price.


� 	However, Trans Power note that forward contracts have currently been limited to 1 year only. 


� 	The remainder is owned by private companies, counties and municipalities, and is leased to Statnett.


� 	Interuptible customers are not charged a connection fee. 


� 	Public Service Electric and Gas, PECO Energy, Pennsylvania Power & Light, Baltimore and Electric, the General Public Utilities companies (Jersey Central Power & Light, Metropolitan Edison and Pennsylvania Electric), Potomac Electric Power, Atlantic Electric, Delmarva Power & Light. 


� 	The Transmission Provider is the Office of the Interconnection (PJM). 


� 	PJM, Regional Transmission and Energy Scheduling Practices, November 2, 1998.


� 	A transmission customer is any eligible customer with an (executed or requested service agreement) to receive transmission services. Eligible customers include any electric utility (including any regional transmission operator), retailer, power marketer, or any person generating electric energy for sale for resale.


� 	A Regional Transmission Owner (RTO) is each entity that owns, leases or otherwise has a possessory interest in facilities used for the transmission of electric energy in interstate commerce and that is a party to the PJM Transmission Owners Agreement and the PJM Operating Agreement.


� 	As opposed to ‘multi-part’ bids which includes start-up costs, minimum loads and ramping constraints.


� 	Arrangements will be put in place to compensate TOs who are deemed to provide transmission services to other areas. This is based on an approach for measuring the degree of ‘self-sufficiency’ of each TO’s system. It measures, whether the dependable generation in each TO’s service area, along with any ‘firm’ transmission rights are sufficient to meet peak demand in that area. Those TOs that are not self-sufficient are deemed ‘dependent’ on the transmission assets of other TOs and responsible for paying some of the revenue requirements of that transmission system. 
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		Transmission users				Fixed charges ($000)		Variable charges ($000)		Total charges ($000)														Network costs				Price allocation				Price structure

		EnergyAustralia				65,476		65,476		130,952										Generators				Generator entry				Site specific				Fixed

		Integral Energy				39,705		39,704		79,409														50%				CRNP				Peak & shoulder

		North Power				19,523		19,523		39,046														transmission				allocation				energy 25%

		Advance Energy				10,607		10,607		21,214														network								Average

		Energy South				17,142		17,142		34,284

		Far West Energy				1,862		1,411		3,273										Distributors								Postage				demand 25%

		Pacific Power Retail				11,701		11,702		23,403										and				Common service				stamp allocation

		ACTEW				8,434		8,434		16,868										customers

																								Exit								Fixed 50%

		Pacific Power Generation				6,100		- 0		6,100																		Site specific

		Total				180,550		173,999		354,549
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		Point of supply		Peak summer demand price		Point of supply		Summery energy price		Common service charge

		1		20		1		6.92		1.61

		2		20		2		14.49		1.61

		3		20		3		23.08		1.61

		4		20		4		3.66		1.61

		5		20		5		3.25		1.61

		6		19.313		6		0		1.61

		7		20		7		7.29		1.61

		8		20		8		6.9		1.61

		9		20		9		7.99		1.61

		10		20		10		10.62		1.61

		11		20		11		0.79		1.61

		12		20		12		41.69		1.61

		13		20		13		0.89		1.61

		14		20		14		35.71		1.61

		15		20		15		15.35		1.61
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		17		13.545		17		0		1.61

		18		20		18		18.44		1.61
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		29		20		29		8.23		1.61
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